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Background to the study 
 
The objective of this study is to assess the impact of CO2 capture on processes in which large-scale 
power generation is combined with the use of low-grade thermal energy.  If sufficient thermal-energy 
can be recovered in the secondary or ‘multi-product’, the penalties for CO2 capture could be reduced.  
  
The most wide-spread process in which power generation is combined with the use of low grade 
thermal energy is combined heat & power (CHP).  There has been a recent resurgence of interest in 
CHP because it is seen as a way to reduce energy use and (indirectly) emissions of CO2.  CHP has the 
attraction of using energy that is discarded to the environment by conventional power stations and, 
even in the most efficient modern power stations, this represents 40-50% of the energy input.  
However, in general: 
 
• CHP has only been adopted for a limited number of industrial applications or in countries with a 

long cold winter where there is a reliable demand for the heat.   
• The potential demand for heat is small compared to the output of large-scale power plant. 
 
The use of CHP in an industrial heating application is excluded from the scope of this study because 
the majority of industrial uses require thermal energy at a relatively high temperature (see later).   
 
There are other established uses for combined electricity and thermal energy processes:  
• District cooling (DC) schemes exist in a number of locations but tend to be small-scale.   
• Desalination, i.e. production of fresh water from seawater is practised on a large-scale, the 

desalinated water can be used for agricultural purposes as well as for human consumption.1   
 
The established technology for CO2 capture in power generation processes is based on scrubbing the 
flue gas with an amine solvent.  The solvent is regenerated by steam heating.  Two to three tonnes of 
steam are needed per tonne of CO2 recovered and this steam consumption contributes significantly to a 
large energy penalty.  Typically, the incorporation of CO2 capture and compression into a power plant 
results in about an 8 % point loss in generation efficiency.  Desalination, DH, and DC schemes work 
on supply of low-grade heat and they may be able to make effective use of the reject heat available 
from the amine recovery units used in CO2 separation.   
 
Processes combining power production, CO2 capture, and use of low-grade thermal energy may have 
the potential to reduce emissions of CO2 to atmosphere with a comparatively low cost and energy 
penalty.  It is this concept that is assessed in this report. 
 

 
1 For example, a plant at Al Taweeleh, Abu Dhabi produces 732MWe and 346 000 m3/day of potable water for 
domestic and agricultural use. 



Approach adopted 
 
This study is the first of a series of studies in which the application will be examined of CO2 capture 
technology to energy processes with more than one product. 
 
The study contract was placed with Sinclair Knight Mertz (SKM), of Malvern, Australia in June 1998.  
The Commonwealth Science and Industrial Research Organisation (CSIRO), Australia were sub-
contractors. 
 

Results and discussion 
 
In total 8 cases are assessed.  There is a base-case that consists of a conventional natural gas combined 
cycle (NGCC), with and without CO2 capture.  There are three processes in which power generation is 
combined with the use of low-grade thermal energy, and each of these processes is assessed with and 
without CO2 capture.  The main features of the processes are described below.  
 
NGCC 
The base-case NGCC cycle uses a single large gas turbine in a state-of-the-art plant rated at 500MWe.  
The losses in such a plant are illustrated in table S1 below.  
 
Table S1: Efficiency losses in a natural gas-fired combined cycle (LHV)  

Source of efficiency loss MWth % 
Fuel  input: 835  100 
Energy losses :        
(i) Mechanical, in turbines and as auxiliary power. 
(ii) Boiler blowdown and radiation heat losses. 
(iii) Condenser. 
(iv) Stack. 

 
  17.6 
    7.5 
275.5 
  43.1 

 
  2.1 
  0.9 
33.0 
  5.2 

Total energy loss 343.7 41.2 
Net output from combined cycle 491 58.8 

 
The condenser losses appear large but only about 11.5 MW is loss of available ‘work’; most of the energy 
loss is determined by the minimum temperature at which heat can be rejected to ambient conditions i.e. by 
the cooling water or air temperature.  In practice, about 50 MWth is potentially available as a source of 
energy for low-grade heating; if required, additional thermal energy is obtained by abstracting steam from 
the low-pressure stages of the steam turbine (with a resulting decrease in the electricity produced).  
 
NGCC + CO2 capture2 
The CO2 recovery process selected as the basis for comparisons in this study is based on a commercially 
available process.  The flue gas (containing about 4% vol. CO2) is scrubbed with a 30% aqueous solution 
of MEA3.  90% of the CO2 is captured.  About 2 tonnes of steam are required for each tonne of CO2 
recovered in the amine regeneration column.  The impact of CO2 capture on the efficiency of the NGCC is 
illustrated in table S2 below: 
 

                                                      
2 Storage of CO2 is not included in this assessment.  As in equivalent IEA GHG studies it is assumed that the 
CO2 is compressed to 110bar for transport by pipeline to storage. 
3 Monoethanolamine. 



 
Table S2: Efficiency losses introduced in the NGCC by CO2 capture 

Source of efficiency loss MWth % of input energy 
(835MWth see table S1) 

Reduced electricity due to steam extracted from LP 
turbine for amine regeneration. 

48.2 5.8 

Additional load on cooling water pump, plus other & 
parasitics. 

15.9 1.9 

CO2 compression and drying. 17.3 2.1 
Efficiency losses due to CO2 capture: 81.4 9.8 

  
Of these losses, only the heat contained in the steam extracted from the LP part of the turbine is available 
(once it has been used to regenerate the amine) as a source of heat for low-grade energy production. 
 
District heating (DH) 
For the purposes of this study the district heating infrastructure is assumed to exist.  An overall heating 
demand of 100MWth is assumed; it is met with a water supply at 75°C and a return temperature of 40°C. 
 
A load factor equivalent to 50% of the maximum annual capacity is assumed for the DH system.  The hot 
water is assumed to have a value (hence defining the cost of electricity) of $2/GJ.  A combined cycle plant 
with DH in which CO2 is emitted to atmosphere is compared to the same plant modified to incorporate 
capture of CO2.  In the combined ‘NGCC+DH+CO2 capture’ plant opportunities were sought to optimise 
the use of heat so as to minimise overall efficiency losses.  The minimum source temperature for hot 
water heating is an initial temperature of 85°C but heat can be recovered down to temperatures 
approaching the return temperature of the hot water.  Table S3 illustrates these results: 
 
Table S3: District heating thermal energy sources (MWth 

 Energy source NGCC+DH NGCC+DH+CO2 
capture 

Remnant stack heat4 
(no performance loss) 

15 15 

CO2 regenerator condenser nil 
(not applicable) 

55 

Abstracted from LP turbine 
(to obtain total DH demand) 

85 305 

TOTAL DH (MWth) 100 100 
 
 
In the conventional ‘NGCC+DH’ plant some advantage can be gained by recovering heat from the flue 
gas but most of the hot water is produced from steam that could have been used to produce electricity6.  In 
the case where CO2 is captured, over half the heat required for district heating is recovered from heat that 
has been used to regenerate the amine solvent and recover CO2.  
 
 

                                                      
4 The stack temperature would be reduced to 50°C (which is only 6°C above the dew point); the district heating 
water is returned at 40°C and heated to 75°C. 
5 Note that steam has also been abstracted from the turbine for use in recovery of CO2 (total abstracted is 55+30 
MWth).  The energy penalty for CO2 capture is the additional power consumption and ‘lost’ steam turbine output 
due to taking steam out at a temperature high enough to regenerate the amine solvent (rather than a temperature 
adequate to heat the DH water).  
6 Saturated steam can be extracted at a loss of 0.137MWe per MWth. (This may or may not be economically 
justified depending on the relative values of electricity and hot water.) 



District cooling7 
The district cooling system is similar in concept to the DH system described above except that the heat 
source for water chilling needs to be at a higher temperature (95°C).  In the DH case a significant 
temperature drop on the driving heat source can be used, but in DC the heat is largely used at a fixed 
temperature to evaporate the refrigerant (in this case water).  This limits the amount of heat that can be 
recovered from a given heat source.  Consequently remnant stack heat and heat from the CO2 
regenerator condenser cannot be usefully recovered.  The results for the DC case incorporating CO2 
capture are less interesting than for DH and, although presented (later) for reference, are not discussed 
in any detail in this overview. 
 
Desalination 
In the case of NGCC combined with desalination overall demand is assumed to be 25 million 
litres/day (1040 t/h) of potable water8.  The thermal energy required to produce this water is 67MWth.  
As with DC (and unlike DH) the heat is largely used at a fixed temperature because it is used to 
evaporate water. An NGCC with desalination to produce water in which CO2 is emitted to atmosphere is 
compared to the same plant modified to incorporate capture of CO2.  In the combined 
‘NGCC+desalination+CO2 capture’ plant opportunities were sought to optimise the use of heat so as to 
minimise overall efficiency losses.  Table S4 illustrates the results. 
 
Table S4: Desalination thermal energy sources (MWth) 

 Energy source NGCC+desal. NGCC+desal.+CO2 
capture 

Remnant stack heat 
(no performance loss) 

nil nil 

CO2 regenerator condenser nil 
(not applicable) 

159 

Abstracted from LP turbine 
(to obtain total demand) 

67 52 

TOTAL DH (MWth) 67 67 
 
In the conventional ‘NGCC+desalination’ plant there is no advantage to be gained by recovering heat 
from the flue gas and the desalinated water is produced from steam that could have been used to produce 
electricity10.  In the case where CO2 is captured some of the heat required for the desalination duty is 
recovered from heat that has been used to regenerate the amine solvent and recover CO2. 
 
Comparison of performance 
The performance assessments of the processes are summarised in table S5.   

 

                                                      
7 It is possible to distribute heat and to use absorption chillers at the point-of-use to convert the heat to a local 
cooling effect.  Such combined DH/DC schemes are complicated to analyse and are not considered in this report. 
8 This is about the maximum size of a single multiple effect desalination unit. 
9 There is 69.7MW of thermal energy at the condenser, but only energy at the top 12°C can be recovered because 
the desalination process requires heat at constant temperature (say, a minimum of 80°C). 
10 Saturated steam can be extracted at a loss of 0.146MWe per MWth. (This may or may not be economically 
justified depending on the relative values of electricity and desalinated water.) 



Table S5: Summary of performance parameters 
Process Electricity 

generation 
efficiency 
(LHV) 

Generatin
g capacity 
(MWe) 

Thermal 
product 

CO2 
emission 
(kg/MWhe) 

NGCC 
(9C ambient)11 

57.7 492 nil 352 

NGCC (9C ambient) 
+ CO2 capture 

47.9 409 nil 40 

     
NGCC + DH 
 

56.9 486 100 MWth
12 356 

NGCC + DH  
+ CO2 capture 

47.6 407 100 MWth 37 

     
NGCC + DC 
 

56.1 469 100 MWth
13 363 

NGCC + DC 
+ CO2 capture 

46.1 385 100 MWth 42 

     
NGCC + desalination 
 

56.5 472 1040 H2O t/h 
(≡ 67MWth) 

360 

NGCC + desalination 
+ CO2 capture 

46.8 391 1040 H2O t/h 
(≡ 67MWth) 

41 

 
In the base-case NGCC the adoption of CO2 capture reduces CO2 emissions by 89% at an efficiency 
penalty of 9.8% points.  This result is in line with previous work by IEA GHG in this area.  (It is 
probable that recent advances in CO2 capture solvents and their use could reduce the penalty to 
around 8% points.) 
 

In all 3 multi-product cases, producing electricity and a thermal energy product without capture of 
CO2 results in a small decrease in electrical efficiency.  This is because steam is abstracted from the 
LP section of the steam turbine.  There is a corresponding slight increase in CO2 emissions per unit of 
electricity generated.  If defined as total useful energy product a much higher efficiency is obtained.  
For example, the energy efficiency of the ‘NGCC+DH’ case is 69%14.  This is the reason why in the 
right circumstances CHP schemes are seen as an excellent way to reduce emissions of CO2 to 
atmosphere. 
 
Capture of CO2 reduces the electrical efficiency (and the energy product efficiency) by nearly 10% 
points in all cases.  In the ‘NGCC+DH’ process, because energy can be usefully recovered from the 
CO2 regenerator condenser, there is a reduced penalty for CO2 capture; but, at 0.5% points (9.8% -
9.3%), it is not a large saving.  As mentioned previously, desalination and DC need energy at a 
constant temperature which reduces the scope for energy recovery and only minimal savings are 
possible.      
 

                                                      
11 In the body of the report the DH schemes are compared to a 9ºC ambient and the DC/desalination schemes to a 
15ºC ambient; the differences in base-case efficiency and cost are small and do not have a significant effect on 
the discussion in the overview. 
12 This is the peak demand, an annual capacity factor of 50% is assumed. 
13 This is the peak demand, an annual capacity factor of 30% is assumed. 
14 The corresponding overall efficiency for the CO2 capture case is 59%.  The equivalent figures for the DH 
cases are 68% and 58% respectively. 



Comparison of costs15 
Table S6 summarises the main cost parameters for the processing schemes assessed.  In the multi-
product schemes a range of values was assumed for the thermal product which is applied as a rebate 
to define the cost of electricity.  For example, in the ‘NGCC+DH’ case if the value of the hot water 
was zero the cost of electricity would be 2.74 c/kWh  (2.66 + 0.076)16.  The central estimate for the 
value of district heating water is $2/GJ.  The central estimate for the value of potable water is 
$1/tonne.  In table S6, a 10% discount rate is applied, the natural gas cost is $2/GJ, and the central 
estimate for the value of thermal product is used.  The main body of the report contains sensitivity 
assessments on the impact of all the major cost assumptions.  
 
In the base-case NGCC plants without a thermal product the penalties for CO2 capture are an increase 
in electricity cost of 1.6c/kWh and a CO2 abatement cost of $50/tCO2.  These figures are in line with 
previous estimates by IEAGHG.  Recent advances in solvent technology will probably results in a 
small reduction in these penalties17. 
 
Only the ‘NGCC+DH’ scheme reduces the penalties for capture of CO2.  The gains, although 
significant, are not large.  Consequently, it seems unlikely that the adoption of CO2 capture in CHP 
schemes would be advocated as a relatively cheap way of reducing emissions.  On the other hand, it 
has been shown that adoption of CO2 capture in CHP is plausible and the penalties are marginally less 
than incurred if electricity is the sole product.   
 
In the DC and the desalination schemes the opportunities for optimisation of energy use are limited 
and there are no significant reductions in the penalties for CO2 capture. 
 

                                                      
15 All costs in this report are in USA $.  
16 A ‘break-even’ point can be calculated above which the inclusion of the thermal product reduces the cost of 
electricity.  In this case it is 1.26$/GJ (0.45 c/kWh)  
17 At the time of writing a study is in progress which will re-assess previous cost and efficiency estimates for the 
leading alternatives of CO2 abatement to take account of recent technical advances.  



Table S6: Summary of costs18  
Process Net electricity 

cost(c/kWh)19 
Multi-
product 
rebate 
(c/kWh)20 

CO2 emission 
(kg/MWhe) 

Cost of CO2 
abatement in 
$/tCO2 
avoided 
($/tC) 

NGCC 
(9C ambient) 

2.69 --- 352 ---- 

NGCC (9C ambient) 
+ CO2 capture 

4.28 --- 40 51.0 
(187) 

∆ cost (c/kWh)  1.59  
NGCC+DH 
 

2.66 0.076 356 --- 

NGCC+DH 
+CO2 capture 

4.17 0.091 37 47.3 
(174) 

∆ cost (c/kWh) 1.51  
NGCC+DC 
 

2.79 0.024 363 --- 

NGCC+DC 
+ CO2 capture 

4.51 0.029 42 53.6 
(196) 

∆ cost (c/kWh) 1.72  
NGCC+desalination 
 

2.86 0.020 360 --- 

NGCC+desalination 
+ CO2 capture 

4.46 0.025 41 50.2 
(184) 

∆ cost (c/kWh) 1.60  
 
Comparison with other results 
A study of CHP by IEAGHG in phase 1 (SS1, September 1993) concluded that “CHP would appear 
to be an attractive mitigation option and it would be less adversely effected by the adoption of CO2 
capture than a power only station”.  Cost estimates were not done; the study was on coal-fired 
systems. 
     
A Swedish study by Vattenfall 21 examines amongst other processes a ‘NGCC+DH’ plant with and 
without capture.  In table S7, the Swedish results are compared with the equivalent results from the 
IEAGHG study. The standard IEAGHG practice is to quote costs in terms of CO2 avoided (see table 
S3).  Table S7 presents data in terms of the cost of CO2 captured in $/tCO2 for comparison with the 
Swedish results.  It should be noted that this result is a smaller number than the cost expressed in 
terms of CO2 avoided. 
 

                                                      
18 These cost figures are given to several significant figures solely for the purpose of comparison with each other. 
19 Including where appropriate a rebate for the multi-product at its medium estimated value. 
20 The reduction in electricity cost attributable to revenue from the mult-product at its medium assumed value. 
21 ”Technology and Cost Options in Sweden for Capture and Disposal of Carbon Dioxide 
Generated by Combustion of Fossil Fuels Producing Power, Heat and/or Automative Fuels. A 
System Study.” September 1997. 



Table S7: Comparison of results for CO2 capture in power plants with a DH product22 
 IEAGHG Vattenfall 
Electricity (net) MWe 407 300 
District heat  MWth 100 50 
Electrical power efficiency % 48 47 
Cost of CO2 capture c/kWhe 1.5 1.923 
Cost of CO2 capture $/tCO2 39 28 

  
The findings of this study are generally in agreement with the previous results by IEA GHG and the 
Swedish study.  
 

Expert Group and other comments 
 

Comments were received from several of our experts; except for the following, all were dealt with in the 
report.  
 
It is mentioned in the report that losses of the amine solvent are to be expected.  Figures are given which 
equate to: (i) a loss of about 10 tonnes/year of MEA as carry-over in the flue gas and (ii) the production of 
1000-2000 tonnes/year of sludge formed by decomposed amines.  One commentator suggested that the 
sludge would be more like 2000–4000 tonnes/year and it would need to be treated as a “toxic” waste.  The 
report does not deal in any detail with this topic. 
      

Major conclusions 
 
A requirement to capture CO2 does not alter the relative merits - compared to power-only plant - of 
processes in which both electricity and a low-grade thermal product are produced.   
 
The cost of producing electricity is relatively insensitive to assumptions about the (secondary) thermal 
product and any potential gains by optimising the use of low-grade energy are correspondingly small. 
 
In the case of district heating, all of the heat that can be recovered from solvent regeneration is used 
for district heating purposes.  This provides about half of the heat required by the district heating load 
in the cases studied.  This has the significant, but small, overall effect of reducing the cost of CO2 
abatement to $47/tCO2 avoided ($174/tC), compared with $51/tCO2 ($187/tC) for an equivalent 
power-only NGCC with CO2 capture. 
 
With power plus district cooling, and power plus desalination schemes there is very limited 
opportunity for reuse of the low-grade heat produced by capture of CO2.      
 

Recommendations 
 
It is recommended that no further work be done at present on the application of CO2 capture to 
processes that combine electricity generation with the use of low-grade thermal energy. 
 
This study is the first of a planned series on the application of CO2 capture to processes with multiple 
products.  It is recommended that candidate processes for future assessment work be restricted to those 
in which one product does not dominate the economics.  

                                                      
22 CHP systems can have a significantly higher thermal energy to power ratio than the 2 examples in this table 
but in terms of CO2 capture would not show any advantage as all the energy available for recovery from CO2 
capture has been used. 
23 The Swedish costs have been converted at 7.7 SEK/US$ which was the exchange rate at the end of 1997.   
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1. Executive Summary

1.1 Introduction

Sinclair Knight Merz (in conjunction with CSIRO for the amine CO2 removal
process) have conducted a study into Multi-Product Systems and the
potential for these systems to reduce the cost of supplying electricity from
large scale combined cycle plants, and additionally, whether amine based
CO2 removal systems to reduce the greenhouse gas emissions from such
large combined cycle plants could be integrated with the combined cycle
plant and the Multi-Product System to reduce the cost of greenhouse gas
emissions reduction.

In this context the Multi-Product System options reviewed were:
¨ District Heating (DH), based on the IEA reference site of the Netherlands

coast with a 9oC reference ambient temperature.
¨ District Cooling (DC), based on a site in Sydney, Australia but generally

representative of other possible major cities, and with a reference ambient
temperature of 15oC.

¨ Desalination, based on a site in Adelaide, Australia, but generally
representative of other possible major cities, and with a reference ambient
temperature of 15oC.

Each of these systems can be configured to use low grade thermal energy
from the low temperature portion of the combined cycle or the CO2 removal
system, including possibly heat that would otherwise be wasted.

The overall objective was to assess the relevance of the capture of CO2 to
large scale power generation when combined with the use of low grade
thermal energy.

1.2 Combined cycle plant

The combined cycle plant modelled is a plant configuration that might be
constructed sometime shortly after year 2000 comprising a large, highest
efficiency (for the time) industrial gas turbine (for example a single shaft G.E.
Frame 9H or equivalent) with a triple pressure reheat heat recovery steam
generator (HRSG) and steam turbine.  The nominal unit output is 500MW.

Condenser cooling is by once through salt-water cooling (assumed 0.03 Bara
condenser pressure).

Fuel in all cases is natural gas with negligible sulphur content.
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This combined cycle plant has a small amount (order 15MWth) of low grade
heat available without significant impact on the combined cycle operation.
This heat is available
¨ below 70oC with negligible impact,
¨ below 105oC with only a minor capital cost impact and
¨ large amounts of heat available with some detrimental impact on

combined cycle output and efficiency above this amount of heat, or if the
heat is desired at higher temperatures.

1.3 CO2 removal system

The CO2 removal system studied is the commercially available amine process
which may recover of the order of 90% of the CO2 content of the flue gases
by absorption of the CO2 into a circulating amine solution, and then removing
the CO2 from the amine stream in a regenerator vessel by the application of
heat.

The concentrated CO2 is then compressed and conveyed by pipeline for
disposal off-site.

1.4 District Heating system

The District Heating (DH) system uses a circulating hot water stream
accepting heat from the HRSG stack remnant heat and CO2 Regenerator
Condenser component of the CO2 removal system (where applicable).
Additional heat required would be sourced from a steam turbine low pressure
extraction point.

1.5 District Cooling system

The District Cooling (DC) system comprises mutliples of approximately 5MWr
single effect absorption chillers with lithium bromide as the absorbant and
water as the refrigerant.

The DC system can utilise low grade heat from the combined cycle plant
however because the chiller accepts heat at constant temperature and this
temperature is somewhat higher than the DH system can accept, the
deleterious impact on the combined cycle plant performance is more
significant.

1.6 Desalination system

The distillation system uses a Multiple Effect Distillation (MED) process with
12 effects having a gain ratio of 10 (tonnes of product water per tonne of
driving steam) and utilising relatively low grade heat (intermediate between
the requirements of the DH and DC schemes noted above).  The top brine
temperature would be 60-70oC.
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Like the DC system, the desalination system accepts heat at constant
temperature and therefore cannot use very low grade heat and hence has a
larger deleterious impact on the combined cycle plant than a district heating
system.

1.7 Analysis

The systems were analysed on a Long Run Marginal Cost (LRMC) of
generated electricity basis ($/MWh), after deducting a rebate to account for
the value of the second product (DH, DC or potable water respectively)
based on an assessed low, medium and high value for each separately.

The base fuel cost is $2/GJ (HHV), and the discount rate applied is 10% real,
before tax over 25 years.  The LRMC includes fixed and variable costs to the
plant boundary including amortisation of capital cost and Interest During
Construction (IDC).

Each case was analysed at a 90% Available Capacity Factor (ACF).  Key
parameters are shown in the following table, Table 1-1 and Table 1-2.

Table 1-1 Key parameters, Ref 9oC ambient case
Configuration Units A: CC B: CC+CO2 C: CC + DH D: CC + DH + CO2

Net degraded
output

MWe 480.1 399.0 473.9 396.5

Net heat rate kJ/kWh HHV 7034 8464 7126 8516
kJ/kWh LHV 6338 7626 6420 7673

LRMC USD/MWh,
$1998

Low product
value

$26.86 $42.81 $27.34 $42.65

Medium $26.86 $42.81 $26.58 $41.74
High $26.86 $42.81 $25.82 $40.84

Table 1-2 Key parameters, Ref 15oC ambient case
Configuration Units A:

CC
B:

CC+CO2

E:
CC+DC

F:
CC+DC+CO2

G:
CC+desal

H:
CC+desal+

CO2

Net degraded
output

MWe 470.9 389.8 457.1 376.0 460.4 381.3

Net heat rate kJ/kWh HHV 7022 8483 7234 8795 7182 8673
kJ/kWh LHV 6327 7643 6518 7924 6471 7814

LRMC USD/MWh,
$1998

Low product
value

$27.04 $43.39 $29.10 $46.52 $29.60 $45.87

Medium $27.04 $43.39 $27.92 $45.09 $28.58 $44.64
High $27.04 $43.39 $26.74 $43.65 $27.56 $43.41

In the above tables, CC denotes Combined Cycle, CO2 denotes the CO2

removal cases.  DC and DH are district cooling and heating respectively.
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It can be seen that the addition of the CO2 removal system substantially
increases the specific cost of electricity in all cases.  Only the DH
arrangement reduces the cost of electricity for low and medium values of the
second product.  The DC and desalination arrangements only reduce the
cost of generated electricity when the value of the second product is high.

Calculating the specific cost ($/T CO2 saved) of saving the emissions to the
extent calculated is shown in the following table:

Table 1-3 Specific cost of saving CO2 emissions (USD1998 / T saved)
Value of second

product
B (9oC):
CC+CO2

B (15oC):
CC+CO2

D:
CC+DH+CO2

F:
CC+DC+CO2

H:
CC+desal+CO2

Low $50.95 $52.38 $50.60 $62.83 $60.53
Medium $50.95 $52.38 $47.69 $58.20 $56.58
High $50.95 $52.38 $44.78 $53.57 $52.63

Within the range of the values of second product considered, only the DH
scheme provides a net reduction in the long run cost of removing CO2, which
is the case for all values of DH.  DC and desalination would require higher
values of the second product than those considered in this study ($16/GJ for
DC, and $1.50/T of potable water for Desalination) to reduce the long run cost
of CO2 removal..

1.8 Conclusions

The analysis indicates that the CO2 removal system substantially reduces the
combined cycle plant performance and significantly increases the cost of the
electricity sold.

Only the DH arrangement combined with the combined cycle plant could
reduce the cost of electricity generated and reduce the specific cost of
removing the CO2 using the amine process, however the costs of CO2  saved
still appears high at $47/T saved.

The DC and desalination plants are less attractive and can only reduce the
Long Run Marginal Cost of electricity and the specific cost of reducing CO2

emissions at high values of the second product.

In each of these DC and desalination cases, the second process requires
driving heat at a temperature above the temperature at which the DH
alternative can be configured, and being evaporative processes can’t accept
heat at varying temperature.  These factors combine to reduce the
opportunity of making savings.

Sensitivity analyses were conducted for fuel prices of $1/GJ and $3/GJ
(compare a base case of $2/GJ), and for discount rates of %5 (compare a
base case of 10%), however the conclusions are not altered in these cases.
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2. Introduction

Sinclair Knight Merz have been commissioned by the IEA Greenhouse Gas
R&D programme through the IEA’s agents CRE Group Ltd to undertake a
study into Multi-product systems (electricity and thermal energy), and the
implications of CO2 removal from the systems’ discharge to atmosphere on
the technical and economic parameters of such systems.

For this study Sinclair Knight Merz have engaged the assistance of the
Commonwealth Scientific and Industrial Research Organisation of Australia
(CSIRO) as sub-consultants to assist with those aspects pertaining to the
CO2 removal process, which is to be by amine scrubbing.

This study is the initial study of a series which will assess the impact of
incorporating CO2 capture and storage technology into energy production
processes having more than one product.  Multiple product energy
processes exist on a large scale, probably most well known being combined
heat and power (CHP, also known as cogeneration) systems.

Recently there has been increased interest in cogeneration/CHP because it is
seen as a way to conserve energy and reduce (indirectly) emissions of CO2.
Cogeneration/CHP has the obvious attraction of using energy which is
otherwise discarded by conventional power stations to the environment.
Even in the most modern power stations this represents 40-50% (LHV) of the
energy input.

In general however, cogeneration/CHP has only been adopted for a limited
number of selected industrial and commercial applications and in countries
with long, cold winters where there is a reliable demand for the heat available.

There are other possible uses for the thermal energy otherwise rejected from
a power station;  these include supply of energy to a district heating system,
district cooling system or to a desalination process producing potable water
from sea-water (collectively called cogeneration systems in this report) .
District cooling (DC) schemes exist in a number of locations but tend to be
relatively small scale.  Production of fresh water from sea water is practised
on a large scale - the desalinated water can be used for agricultural and
industrial processes as well as for human consumption.

At present the most effective established technology for CO2 removal in
power generation processes is based on scrubbing the flue gas with an
amine solvent.  The solvent is then regenerated by steam heating, requiring
typically 2-3 tonnes of steam per tonne of CO2 removed.  This steam
consumption contributes significantly to a large performance penalty on the
associated power station.  Typically the incorporation of CO2 capture results
in a performance penalty of 8 to 10% points loss in power generation
efficiency.
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District heating and cooling schemes and desalination plants can work on
relatively low grade heat.  Thus they may be able to make effective use of
heat rejected from the amine recovery units used in CO2 separation.  A
process combining power generation, CO2 capture and use of low grade
thermal energy may therefore have the potential to reduce emissions of CO2

to the atmosphere with a comparatively low cost and energy penalty.

The overall objective of the present study is to assess the relevance of the
capture of CO2 to large scale power generation when combined with the use
of low grade thermal energy in one of the multi-product (cogeneration)
systems.
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3. Methodology, assumptions and parameters

3.1 Basic parameters

Basic parameters utilised for this study are shown in Table 3-1.
Table 3-1 Basic parameters and assumptions

Parameter Assumption Notes
Plant size 500MWe Nominal pure combined

cycle output.

Technology has strong
economies of scale.

Large scale, latest
technology plant with
assessed lowest life
cycle cost.

Design/construct
period - Interest
During
Construction
(IDC)

Combined cycle,
Desalination,
District heat/cool:
¨ Year-1   40%
¨ Year 0   60%
Amine CO2

absorption plant:
¨ Year-1   50%
¨ Year 0   50%

Plant life 25 years Technical life
Capacity factor 90% At 100% load factor
Cost of debt
(pre commercial
operation)

At the project
discount rate

Operational
finance

Gearing not
considered

Discount rate 10% and 5%, real
pre-tax

Escalation Analysis conducted
on real basis

No differential escalation
assumed on plant
inputs/outputs versus
the inflation rate

Currency USD Database information
utilised is in USD,
referred to mid-1998

Commissioning
period

4 months Nil value for sales during
commissioning.  Start-
up costs (including
commissioning fuel and
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Parameter Assumption Notes
labour and initial working
capital) are included

Decommission Nil Assume scrap value
equals
decommissioning and
make-good costs

Site location IEAGHG standard
site is coastal
Netherlands

Discussion is provided
on the impacts of the
site location on the plant
performance, and site
locations where practical
usage may be made of
the desalination
(Adelaide), district
heating (coastal
Netherlands) and district
cooling (Sydney)
technologies

Taxation Nil Evaluation is on pre-tax
basis

Insurance 2%p.a. of initial
direct capital cost

Fees (outside
services -
agents,
consultants,
legal,
accounting,
permits etc)

2%p.a. of initial
direct capital cost

Contingencies Turnkey (EPC)
Contractor’s
contingency +10%.
Owner’s
contingency (+3%)
added

Maintenance 2%p.a. of initial
direct capital cost

Discussion with respect
to industry parameters
for combined cycle
plants included.
Includes maintenance
labour

Labour Refer text for labour
requirements.

Cost = operators +
20% for supervision

Operating labour

4 shift rotation,
1960h/annum/person
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Parameter Assumption Notes
+ 60% admin,
overheads

Fuel Natural gas, refer
text.

Price at several
levels

Water ¨ Potable water
assumed
available at 25
US cents /tonne

¨ Sewer disposal
= nil cost

¨ Steam system
water treatment
20 c/T

Minor cost element

Cooling water Salt water Once through salt water
cooling assumed.  12oC
average inlet, 7oC max
rise.  22g/L salinity

Emissions NOx (as NO2)
< 650 mg/Nm3

specified

Particulates, CO,
SO2 - Negligible

Emissions are dry,
ref to 15% O2.

Technology applied is
current practice in
developed nations of
Dry Low Emissions.
Expected levels ≈
30mg/Nm3

Amine slip - refer text

Site conditions Ambient air  -
Temperature 9oC
60% RH
1.013 Bara

Refer text for discussion
of impacts of variation

Heat content LHV unless noted
otherwise

CO2 disposal Offsite disposal of
CO2 is out-of-scope
of this report.

Underground (probably
offshore) in a deep
saline reservoir is an
assumed location.
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Parameter Assumption Notes
Second product
backup

No provision for back-up
systems to provide the
second product when
the combined cycle
plant is down

3.2 Fuel properties

The fuel for the plant is natural gas.  Properties are shown in Table 3-2.
Table 3-2 Natural gas composition

Constituent Mol% dry
Methane 86.6
Ethane 5.8
Propane 3.1
iso-Butane 0.8
n-Butane 0.5
Pentane 0.5
Hexane + 0.1
Nitrogen 0.4
Carbon Dioxide 2.2
Sulphur (as H2S) 0.000264 (= 2.64 ppm, 4mg/Nm3)

Calculated properties from this composition are provided in Table 3-3.

Table 3-3 Calculated fuel properties
Property Units LHV basis HHV basis

Heating value MJ/kg
MJ/m3

46.4
37.9

51.3
41.9

Density kg/Sm3 0.82
Specific gravity (Air = 1) 0.67

Fuel is assumed delivered to the site at 2500 kPag pressure.

Back-up fuels are not included.

3.3 Methodology

The methodology adopted is to compare the costs of generating electricity on
a long run marginal cost basis. All fixed and variable costs are amortised into
a single cost, in $/MWh exported terms. An expected Available Capacity
Factor (ACF) is used at which the plant could operate excluding economic
shutdown (reserve plant non-operation).  Fixed costs are distributed into the
single marginal cost.
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In considering the multi-product systems within this study, the means of
dealing with the multiple valuable outputs of the plant follows the
conventional manner of a cogeneration plant analysis, where a rebate is
provided to the cost of generating electricity according to the value of the
second product dispatched, converted to $/MWh terms.

There are many ways of ascribing a value to the second product.
Simplistically, and particularly when calculating thermal efficiencies of
cogeneration plants, the value of a second product such as cogeneration
steam is sometimes calculated by netting off the total fuel usage the amount
of fuel that would alternatively have been needed in a conventional boiler to
raise the same amount of steam, leaving the fuel-chargeable-to-power within
the electricity cost build-up.

This method however omits other costs of raising the steam in the benchmark
case and therefore is often not the full economic value of the steam except in
particular circumstances.

In general, it is appropriate to make an allowance for the other long run costs
of generating the second product in the benchmark, and in particular the
capital cost amortisation (with the inference that in general the benchmark is
a new heating system or a system in need of replacement whether the
cogeneration facility is established or not) which includes operations and
maintenance costs for the benchmark case for the second product.

Therefore a value is ascribed to the second product, to be credited against
the cost of electricity from each multi-product system including:
¨ benchmark fuel usage to raise the heating, cooling or potable water

conventionally (where the benchmark “conventional” system needs to be
defined in each case)

¨ benchmark capital cost amortisation, including IDC
¨ benchmark non-fuel operations and maintenance costs

Since the purpose of this study is to look at synergies between the multi-
product systems and the CO2 removal systems, these are compared on a
with and without CO2 removal basis in each case.  The point of measurement
of the cost of electricity (and the value of the second product) is ex-plant in
each case.

Care must be taken in comparing the cost of electricity from this plant against
the value of electricity in the market that the plant operates in.  This is
because by being a part of a district heating or cooling scheme (but not
necessarily a desalination scheme) the plant is most likely close to an
electricity load centre and hence the electricity from this type of plant has
additional value (commonly called the value of embedded generation for
smaller plants attached to a distribution network) by its proximity to the load.
This should be considered in interpreting this report.
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4. Technology description - Combined cycle

4.1 Introduction

Combined cycle power plants are a combination of an engine (usually a gas
turbine generator at larger sizes (above 5MW)), with the addition of exhaust
heat recovery (which converts some of the heat in the exhaust gases to
steam energy) which then is converted to additional electrical energy via a
steam turbine generator.

In thermodynamic terms this is a combination of a Brayton Cycle with a
Rankine Cycle.

In commercial applications, the fuel used in the gas turbine can be a gaseous
fuel, usually natural gas or a synthetic fuel gas made from coal, wood or oil,
or a liquid fuel such as distillate, kerosene or oil.

In widespread commercial application, the combined cycle power plant is
highly efficient, and when using natural gas fuel, amongst the most
environmentally benign large scale electricity generation configurations.

For the purposes of this study only natural gas (with low sulphur content) is
considered.  This allows the use of a cycle with a very low exhaust
temperature and thus high cycle efficiency compared with alternative fuels.

4.2 Process description

The combined cycle power plant technology selected for this review is the
largest and most efficient plant that might be built early next decade for which
sufficient parameters exist upon which to make an assessment.

For this review the plant assumed is:
¨ General Electric (GE) or licencee/associate Frame 9H steam cooled gas

turbine with Dry-Low-Emissions combustion
¨ Single shaft configuration with gas turbine and steam turbine driving a

common alternator, nominal net plant output 500MW.
¨ Triple pressure reheat waste heat recovery and steam turbine system
¨ Once through salt-water condenser cooling

The above configuration is selected for the purposes of illustration only.  It
should be noted that several OEM’s1 manufacture large combined cycle
plants in a competitive market in addition to GE and GE’s
licencees/associates.  These include ABB and Siemens/Westinghouse.
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Whilst this report is based on one particular manufacturer’s system, it is
expected that at the time for selection of a plant, that competitive bids for
comparable technologies would be provided by other suppliers in addition to
the supplier of the configuration assumed.

A schematic outline of the plant at the reference design conditions of 9oC is
shown in Figure 4-1 and at ISO standard conditions of 15oC ambient in Figure
4-2
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Figure 4-1 Combined cycle plant schematic at reference conditions (9oC ambient)
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Figure 4-2 Combined cycle plant schematic at 15oC average conditions

Modified GT PRO for Windows - 1.40 Rohan Zauner
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4.3 Alternatives

Alternative configurations exist to the cycle nominated.

Notably the additional systems being reviewed for combination with the
combined cycle system (desalination, district heating and district cooling)
utilise heat from the “bottom end” of the cycle, viz remnant stack heat,
condenser heat rejection or steam turbine low pressure extraction.

With the three pressure reheat cycle selected for this study, which is a highly
efficient cycle optimised for electricity generation, and with the low condenser
pressures provided by the once through salt-water cooling, heat rejection to
the environment (predominantly stack exhaust and at the steam turbine
condenser) is of a low ‘grade’ (meaning low temperature relative to the
environment).

This is shown in the report to require that the addition of the
desalination/heating/cooling systems generally compete with the combined
cycle electrical output for the low grade heat (and hence reduce the
combined cycle electrical output when they are present).

In this circumstance and under varying assumptions as to the value of
electricity, the value and quantity desired of the second product, and the cost
of fuel, it might be economically optimum to utilise a less efficient combined
cycle arrangement (such as two pressure reheat) that has a higher stack
temperature and thus leaves some additional remnant stack heat for the extra
process to use.

4.4 Siting issues

Key technical issues with regard to siting a natural gas fired combined cycle
plant such as that proposed are:
¨ Access to natural gas
¨ Demand for electricity, at a price sufficient to sustain the project
¨ Site specific details of location including source of cooling (in this case a

once-through salt water cooled plant is assumed), environmental capacity
to absorb the emissions (principally NOx) and proximity of interconnects
for electricity and fuel.

Assuming that the locational demand for electricity exists, the availability of
the fuel is often the main siting issue.
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Figure 4-3 and Figure 4-4 show the countries that were producing natural gas
in 1992 2.  The figures indicate that natural gas is widely spread in the
northern hemisphere and equatorial regions, but with minimal current (1992)
production in Central and Southern Africa and Central South America.   It
must be noted that the data shown does not include Russia which has a
similar level of production to that of the United States.

Figure 4-3 Natural gas production
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The performance of combined cycle plants is also significantly influenced by
the ambient temperature and the temperature available from the cooling
water (for a once-through-cooled plant).  World climate regions are shown in
Figure 4-5 with hotter regions shown in red/orange.  These temperatures are
site specific, with regions such as the equatorial and North African regions
obviously tending to have higher average ambient temperatures than the
more temperate climates of Europe and North America.

Since the value of electricity, value of district heating/cooling and potable
water, the cost of fuel and the average ambient temperature are all location
specific, actual prospects for siting plants will need to be considered on a
case-by-case basis.

Figure 4-5 Climatic regions of the world31

For the purposes of this review, an indication of the mean annual average
temperature has been estimated by taking the average of the 0.4%ile and
99.6%ile temperatures for a number of major world centres using ASHRAE
data4.  Note that this is an approximation of the mean temperature since in
general the ambient temperature distribution at any location is not symmetric.
This is shown in Figure 4-6

These distributions are particularly relevant to this study in the assumed siting
of the multi-product system cases, district heating, district cooling and
desalination, the values of which are all highly correlated to climatic region.
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Figure 4-6 Median annual temperature - selected world cities
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It should be noted that the ambient temperature and hence the site location is
an important determinate of the plant performance for this type of plant, as
further discussed in Section 4.5.2.1.

With respect to demand for new electricity generation, factors include:
¨ The proportion of the country that is grid connected
¨ Existing electricity industry size, which influences:

− Amount of retirements of plant requiring replacement
− Load growth (usually expressed as a percentage of existing load)

¨ Economic and population growth

The relative sizes of the existing systems within countries can be seen in
Figure 4-7.

Figure 4-7 Electricity production by country, 1992
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For the purposes of this study, the base site location for the combined cycle
plant is a coastal Netherlands location.

Where, due to the associated additional technologies included in this study
such as desalination, district heating or district cooling, this is not reasonable,
additional possible sites are suggested and the performance and cost
implications on the plant of the alternative sites are discussed.  These are
Sydney, Australia (district cooling) and Adelaide Australia (desalination).
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4.5 Thermodynamic issues

4.5.1 Extraction of heat from the combined cycle for process purposes
4.5.1.1 General
The flow of energy, including losses, through the combined cycle plant may
be represented by a Sankey diagram, as shown in Figure 4-8.
Figure 4-8 Sankey diagram for 'H' class combined cycle plant

The Sankey diagram shows the high thermal efficiency of the plant, of
approximately 59% LHV efficiency, or 53% HHV efficiency.  The majority of the
losses are made up of the condenser heat rejection and the stack losses.

While a Sankey diagram such as Figure 4-8 indicates where the major energy
losses are occurring, it does not usefully describe whether the losses are
valuable.  In this context, valuable energy is lost if it could have been used for
a useful purpose had it been captured.  This concept can be best discussed
using the concepts of Exergy and Availability.
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The thermodynamic concepts of exergy and availability take into account that
the value of energy varies according to the form or temperature that the
energy is represented by.  In an overall sense, mechanical (eg turning shaft)
or electrical energy are the highest forms and of the most value as they can
be used for the broadest applications, high grade fuels are valuable because
they can be converted via high temperature processes to useful application,
albeit with some losses.  At the other end of the scale, low grade heat
contained in the temperature of a fluid only a few degrees above ambient
temperature is of very low value because it can only be used directly for a
small number of applications (eg space heating) and can not be converted
into a more useful form (eg mechanical or electrical energy) except with very
large scale, capital intensive plant, operating at very low efficiency, that is
generally impractical in the current energy markets.

For the combined cycle plant, it is the temperatures through the cycle that are
of most importance since the multi-product systems and the amine CO2

absorption processes all depend on thermal energy extracted from the
combined cycle plant for their operation.  It is important to consider how
much, if any, impact the additional processes have on reducing the
performance of the underlying combined cycle plant.

A temperature profile through the combined cycle plant is shown in Figure 4-
9.   This diagram shows the temperature profile of the cycle and how useful
work is obtained from these temperatures.  On the gas side the temperature
reaches approximately 1800oC in the combustion of the gas.   This
temperature is reduced to approximately 1430oC by mixing and cooling prior
to entry into the first stage of the turbine section of the gas turbine due to
material limitations.  The gas turbine turbine section converts some of this
into useful shaft work and brings the gas temperature down to 629oC.   The
gas enters the waste heat boiler where the most of the remaining heat is
transferred into producing steam and the exhaust gas then exits the stack at
approximately 70oC.   The heat being transferred from the gas in the waste
heat boiler heats the water/steam through the various heaters, economisers
and high pressure (HP), intermediate pressure (IP) and low pressure (LP)
sections of the HRSG.   The HP section of the steam turbine receives
superheated steam at 540oC which is converted to shaft work, the steam then
passes back to the HRSG where it is mixed with IP steam, this is then
reheated by the HRSG and sent to the IP section of the steam turbine at
560oC.   Low pressure (LP) steam from the HRSG enters the steam turbine at
the low pressure section where it is mixed with the expanded IP steam.  This
steam then expands through the LP section of the steam turbine where the
energy is converted to further shaft work.  The fully expanded steam at
approximately 0.03 Bara pressure then passes to the condenser where it is
condensed back to fully liquid form and leaves the condenser at
approximately 24oC.   Cooling water passes through the water side of the
condenser, being heated from 12oC to 19oC by the condensation of the
steam on the steam side, picking up the heat rejected.
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From Figure 4-9, it can be seen that the cycle extracts useful work down to
low temperatures, 24oC (condenser temperature) in the case of the steam
cycle, and 69oC in the case of the exhaust gases.  This implies that any use of
heat above these temperatures in any additional process is likely to reduce
the performance of the combined cycle plant, ie have a cost measurable in
reduced electrical output.  This is unless some energy can be extracted from
one of the losses streams at higher availability levels within the cycle.

Availability and exergy
Availability and exergy are thermodynamic concepts relating to the amount of the total energy within a
stream that can be usefully extracted by a process operating in a ‘cycle’.

Availability = h - Tb s,
where:

h = the thermodynamic concept of enthalpy (an energy content measure),
Tb = a reference temperature for heat rejection
s = the thermodynamic property of entropy (state of disorder)

Availability represents the maximum amount of useful energy within a stream relative to the reference
temperature Tb.

Exergy is a special case of availability, where Tb = the environmental ‘dead’ state’, and hence represents
the maximum amount of work that can be extracted by a process operating in a ‘cycle’ using the
environment as a final heat sink.

In the figure shown, depicting an ideal compressor, heat exchangers and irreversible turbine operating in
a cycle, with maximum temperature Th,  and rejecting heat at temperature Te, relative to an
environmental temperature To, the relevant concepts can be explained using the areas denoted A to F.

¨ The heat input to the cycle is represented by A+B+C+D+E+F
¨ The work output is represented by A+B
¨ Hence the cycle efficiency is represented by (A+B) / (A+B+C+D+E+F)
¨ Considering the losses,
¨ The ‘Lost work’ = C+D, where
¨ C = lost work due to the cycle exhaust temperature being above the environmental temperature T0

¨ D = Lost work due to the irreversibility (not perfectly efficient) of the turbine
¨ The Unavailability = E + F, where
¨ E = Unavailability due to the temperature of the environment
¨ F = Unavailability due to the irreversibility of the turbine

Of the losses, only E is never recoverable by a cyclic process.

C, D and F can be partially recovered by selecting more expensive heat exhangers and more expensive
components (eg a turbine having higher isentropic efficiency).

T

s

Th

Te

To

A B

C D

E F
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A full discussion of exergy and availability are out of the scope of this study,
however assuming that the available fuel is natural gas and the available
oxidant ambient air, conceptually an amount of available work is provided by
the available fuel quantity according to:
¨ the maximum temperature that can be achieved - stoichiometric

combustion temperature of the fuel in air, and

Figure 4-9 Temperature profile through combined cycle plant
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¨ the minimum temperature that heat can be rejected to - the temperature of
the ambient air and cooling water temperature (taken to be approximately
the same in this analysis)

If an ideal process (a Carnot cycle) could be constructed to operate between
these temperatures, then this would provide the maximum output, and hence
highest efficiency for any cycle operating between these constraints (in the
case of the discussion in the box above, this would be represented by areas
A+C).

For any real process, in this case the Brayton/Rankine cycles of the combined
cycle plant, the energy flows through the plant components can be evaluated
to calculate which elements contribute to the lost availability, or the ‘lost work’
relative to the ideal plant using methods similar to an exergy analysis.

Lost work represents the proportion of heat above the minimum possible
cycle temperature that is not usefully applied.

Applying concepts derived from exergy and availability analysis to the
combined cycle plant to apportion the ‘lost work’ to the various components
is shown in Figure 4-10.
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It can be seen from Figure 4-10 that much of the lost work is unavoidable
(short of changing fuel or oxidant, or finding a site with a lower temperature
for heat rejection).  Of the remaining losses, primary losses are attributable to
the cycle selection, and some potential remaining within the stack sensible
and latent heat.  The energy rejected to the condenser is seen to be a small
contributor to lost work and hence not a large potential source for additional
mechanical or electrical power by any higher efficiency system.

As mentioned in Section 3.2 the potential for utilising low grade heat from the
combined cycle system can be found in the “bottom end” of the cycle at
three different areas.   These three areas are:
¨ Condenser heat rejection - In the current design only low temperature heat

is available without impacting on the electricity generation performance.
However, the back pressure of the steam turbine can be raised which
would increase the grade of heat which can be made available for a
process albeit with a performance penalty for the electricity generation
plant.  This option is shown in Figure 4-11.

Figure 4-10 "Lost work" flow for combined cycle plant
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Figure 4-11 Heat extraction to process via back-pressure steam
turbine

IP/LP Turbine

Hot Reheat
Steam

Condenser Heat Extraction
to process.

Exhaust Steam

¨ Low pressure turbine steam extraction - Steam can be extracted from the
LP/IP turbine between any of the (in this case) 22 stages (Figure 4-12).
Instead of this steam flowing through the downstream sections of the
steam turbine generating electricity, to the condenser, the energy can be
diverted to another process use.

Figure 4-12 Heat extraction to process via steam turbine extraction
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14 Stages

Steam turbine low pressure
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¨ Remnant stack heat - As noted above, residual useful energy remains in
the exhaust heat of the gas turbine after passing through the heat recovery
boiler.  Some of this heat can be extracted to an additional process with
minimal performance penalty to the combined cycle plant (the back
pressure on the gas turbine would increase to account for the extra
surface area in the heat recovery boiler which would reduce performance
but this effect is small).   See Figure 4-13 for a diagram of stack remnant
heat extraction.  Such additional heat collection would tend to be relatively
expensive because of the low grade, and because the stack gases
approach the saturation temperature of the water vapour and sulphur
compounds in the gases and hence require expensive materials to guard
against excessive corrosion.  Alternatively some of the surface area of the
boiler collecting heat for the steam turbine usage could be diverted to an
additional process at the expense of some electricity generation.

Figure 4-13 Additional heat collection from the stack

HP IP LP

Heat Recovery BoilerGas Turbine

Steam Turbine

Condenser

Stack

Opportunity for stack heat
extraction to the process.

Amine CO2

absorption
system

The effect of extracting heat from these three areas on the combined cycle
plant performance has been analysed (using the Thermoflow software GTPro
and GTMaster).

4.5.1.2 Extracting heat from steam turbine back pressure increases
The impact of increasing the back pressure (and hence saturation
temperature) of the steam turbine on the combined cycle performance is
shown in Figure 4-14.
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Figure 4-14 Effect of higher condenser temperature on combined
cycle performance
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The amount of heat that can be utilised within a process by raising the
condenser temperature/pressure to that required by the process is very large,
of the order of 300MWth.  This amount is higher than practically can be utilised
by the multi-product processes under investigation, except for the
desalination process at very large scale.  The quantities to be applied in the
secondary process can not be economically adjusted, since once the
condenser saturation temperature is selected it is not economical to extract
only a fraction of the available heat usefully.  The reduction of electrical output
from the combined cycle plant from extracting process heat in this manner is
shown in Figure 4-15.
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Figure 4-15 Impact on combined cycle output of thermal energy
extraction at the condenser
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If heat exchanger cost is low and a suitable process found, this would be a
highly economical means of extracting heat from the cycle at low cost in lost
electrical output.

Additionally, increasing the saturation temperature at which the condenser is
operating will also increase the HRSG exhaust temperature as shown Figure
4-16.  This occurs because the condensate returning to the HRSG is hotter.
For cases with CO2 removal, this effect has a deleterious impact on the
performance of the CO2 removal process.

Figure 4-16 Effect of higher condenser temperature on HRSG exit
temperature
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4.5.1.3 Low pressure turbine steam extraction
Steam extracted from the steam turbine for use in the multi-product process
can be provided at higher temperatures and in more flexible quantities.  In
this case it is practical to extract small amounts of energy relative to the scale
of the combined cycle plant.  For small amounts of extraction, the impact on
the plant design and performance is small, and is indicated in Figure 4-17.
However extractions can only be positioned at discrete steam conditions
through the steam turbine (interstage).

Figure 4-17 Impact of steam turbine extraction (process return
temperature at 40oC)
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4.5.1.4 Remnant stack heat
Extracting additional heat from the HRSG exhaust can include:
¨ heat extracted at a temperature below the combined cycle exhaust

temperature, which other than the minor impact on gas turbine back
pressure has no cost in terms of lost electrical output., and/or

¨ additional heat or heat extracted above the HRSG combined cycle exhaust
temperature, which generally incurs an additional cost in terms of lost
electrical output due to removing heat from the steam turbine.
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For this design, the analysis indicates that there is 15MW of thermal heat (up
to 105oC) that can be taken from the exhaust stack without penalty.   If all of
this thermal heat was utilised the exhaust temperature of the stack would
reach 49oC which would then require little cooling if amine absorption was to
be used (amine absorption requires a temperature of about 45oC).   To obtain
this 15MW of thermal heat a heat exchanger would be situated in parallel with
the low temperature economiser (see Figure 4-2. The LTE is at the exhaust of
the HRSG).

If more heat than 15MWth was needed it can be extracted with an electrical
output penalty by taking some of the thermal energy used in the combined
cycle configuration for heating the steam turbine condenser return water
through the LTE.   In this case an extra 43MW of thermal heat (at up to105oC)
would become available but the penalty would be an increase in the net plant
heat rate and a 10MWe decrease in net plant output.  The performance
penalty for extracting additional heat is therefore approximately 0.23 MWe /
MWth for energy extracted past the first 15MWth.

The temperature at which the first 15MWth can be freely (in energy terms)
obtained from the HRSG exit gases depends on the flow required for the
process.  The capital cost impact at two flow rates are shown in Table 4-1 and
Table 4-2.  Higher temperatures are possible with lower flows but
correspondingly less energy can be extracted.

Table 4-1 Impact of stack heat extraction conditions, 735 T/h water
flow

Tout, oC 40 50 52.5 55 57.5 60 62.5 65
Extracted heat, kWth 0 8,622 10,780 12,938 15,097 17,255 19,415 21,575
HRSG exit temp, oC 70 58.5 55.6 52.7 49.8 47 44.1 41.2
Econ surface area, m2 x
1000

106.6 119.2 123.5 128.6 134.7 141.7 153.1 173.1

Extra cap cost, USD x
1000

$0 $1,229 $1,649 $2,141 $2,735 $3,420 $4,525 $6,467

Specific cap cost,
USD/GJ

 $0.99  $1.07  $1.15  $1.26  $1.38  $1.63  $2.09

In the both Table 4-1 and Table 4-2, the additional capital cost is amortised at
10% real before tax, and assumes a 50% load factor on the process.  Water
inlet temperature is 40oC in each case.   A graphical summary of the specific
capital cost verses the stack heated water temperature can be seen in Figure
4-18 and Figure 4-19.

Table 4-2 Impact of stack heat extraction conditions, 245 T/h water
flow

Tout, oC 40 50 65 70 75 80 85 90 95 100
Extracted heat, kWth 0 2874 7192 8632 10072 11515 12957 14401 15847 17294
HRSG exit temp, oC 70 66.1 60.4 58.5 56.5 54.6 52.7 50.8 48.8 46.9
Econ surface area, m2 x 1000 106.6 110.3 117.3 120.3 123.8 127.8 132.7 138.8 146.7 157.6
Extra cap cost, USD x 1000 $0 $357 $1,045 $1,336 $1,671 $2,065 $2,540 $3,130 $3,897 $4,956
Specific cap cost, USD/GJ  $0.87  $1.01  $1.08  $1.16  $1.25  $1.37  $1.52  $1.72  $2.00
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Table 4-1 shows that 735 T/h of water at 40oC can be heated up to 57.5oC
using the 15MWth at no penalty to the combined cycle performance.   There is
a rise in capital cost for the added heat exchanger that needs to be installed.
About US $2,735,000 for a heat exchanger capable of heating 735 T/h of
water from 40oC to 57.5oC and a specific capital cost of US $1.26 per GJ.

Table 4-2 shows that 245 T/h of water at 40oC can be heated up to about
92oC using the 15MWth at no penalty to the combined cycle performance.
There is a rise in capital cost for the added heat exchanger that needs to be
installed.   About US $2,776,000 for a heat exchanger capable of heating 245
T/h of water from 40oC to 92oC and a specific capital cost of US $1.60 per GJ.

Figure 4-18 Specific capital cost of stack water heating, @ 735 T/h
flow
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Figure 4-19 Specific capital cost of stack water heating @ 245 T/h
flow

$-

$0.50

$1.00

$1.50

$2.00

$2.50

50 51 52 53 54 55 56 57 58 59 60 61 62 63 64 65
Stack heater water exit temp, DegC

S
p

ec
if

ic
 c

ap
it

al
 c

o
st

, $
/G

J

Clearly, heat can only be extracted at a temperature which considers the
capital cost impact, which must (in $/GJ terms) be below the value of the heat
to the second process.

4.5.2 Other relevant thermodynamic impacts
4.5.2.1 Impact of alternative site average ambient temperatures
Sites with different average ambient temperatures than the reference site
(assuming the cooling water temperature remains unchanged) are shown in
Figure 4-20.
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Figure 4-20 Impact of varying average ambient temperature on the
combined cycle design performance (constant cooling water
temperature)
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Note that for this analysis the heat rate improves with increasing ambient
temperature because of the assumption that cooling water temperature is
fixed despite the varying average ambient temperature.  Normally sites with
higher average ambient temperature have higher average cooling water
temperatures as well, ie. some electrical output in this analysis is derived from
the difference between ambient air and water temperatures.

The combined cycle exhaust gas temperature and mass flow are also
impacted by the varying average ambient temperature as well as shown in
Figure 4-22.  These parameters are especially relevant to the design of the
CO2 removal system.  Note that the stack temperature may not change
significantly if the steam cycle does not alter due to constant cooling water
temperature.

The residual stack heat is shown in Figure 4-21.
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Figure 4-21 Residual stack energy vs ambient temperature
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Figure 4-22 Impact of average ambient temperature on HRSG
exhaust parameters (constant cooling water temperature)
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4.5.2.2 Impact of alternative site cooling water temperatures
The impact of alternative site locations with differing cooling water
temperatures (but leaving average ambient temperature unchanged) is the
same as is given in Section 4.5.1.2.
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Note in particular that where once through water cooling of the condenser is
precluded (eg by lack of water or thermal pollution limitations), that cooling
options that have reduced water consumption such as evaporative cooling or
dry condenser cooling, generally have higher condenser saturation
temperatures than the once through cooled case used herein, and this results
in reduced performance from that shown.

4.5.2.3 Impact of site elevation
The assumed locations for the plants within this study are coastal, and hence
at sea level elevation.  This is required for the once through salt water cooling
arrangement.

For cities where plants might be considered that are not at sea level, it should
be noted that performance of combined cycle plants is reduced by site
elevation.  Note that in general sites with higher site elevations also often
have higher steam turbine condenser temperatures/pressures because the
alternative cooling technologies such as evaporative cooling and dry cooling
generally have higher operating temperatures than assumed for once through
cooled site.

4.5.2.4 Impact of back-pressure on the gas turbine
For the configurations with CO2 removal considered, it is conceptually
possible to utilise the gas turbine to overcome the additional flow restriction
imposed on the exhaust gas stream by the CO2 removal system (absorber
section) as an alternative to the fan/blower incorporated into the CO2 removal
system design.

This option is of interest because a gas turbine compressor is more efficient
compared with a fan/blower due to the multi-stage axial design of the gas
turbine compressor.
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5. Technology description - CO2 absorption

5.1 CO2 Absorption technolgies

With a natural gas fired gas turbine, the CO2 concentration in the flue gas is
only about 4 vol% due to the very high excess air ratio required to control
turbine inlet temperature in the gas turbine. As the flue gas is essentially at a
pressure close to atmospheric, the partial pressure of CO2 in the flue gases is
therefore very low (about 4kPa abs.). Under such conditions only reversible
chemical absorption processes using alkanolamines are presently suitable for
removal of CO2.

Newman5 has reported the use of aqueous solutions of monoethanolamine
(MEA), diethanolamine (DEA), triethanolamine (TEA), diglycolamine (DGA)
and methyldiethanolamine (MDEA) for CO2 removal in natural gas processing
and urea production applications. These amines react with CO2 to form
metastable salts, which are subsequently dissociated by heating to recover
the amine and the CO2. The main energy requirement in an alkanolamine
based CO2 separation process is in the regeneration process. As much as
80% of the total energy consumption occurs during solvent regeneration.

The total energy required to regenerate the solvent loaded with CO2 is the
sum total of following energy components:
¨ Sensible heat
¨ Latent heat of vapourization of water
¨ Latent heat of vapourization of amine (partial)
¨ Heat of reaction

In the regeneration step, the temperature of the CO2 loaded solvent must be
raised to the stripper temperature by sensible heat transfer. The amount of
heat required for this process depends upon the specific heat capacity of the
solvent, which does not vary much among the various alkanolamines listed
above. In addition, the water component of the solvent must also be
vapourized to generate stripping vapour. While the specific heat capacity and
the latent heat of vapourization of water remains the same for all solvents, the
energy required for this step depends on the proportion of water present in a
given alkanolamine solution. The higher the water content, the greater the
energy requirement. For example, the energy required for the vapourization of
water would be greater for a 30 wt.% MEA than for a 50 wt.% TEA solution.

Part of the solvent is also vapourized during the regeneration process, with
the energy consumption being dependent upon the latent heat of
vapourization of the amine. Finally, sufficient heat of reaction must be
provided to break up the CO2-amine complex formed during the absorption
process.
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Chakma6 has recently investigated the above issues in relation to the
selection of the appropriate alkanolamine for removal of CO2 from flue gases
where CO2 concentration is below 8 vol%. His comparison of the physical
properties of various alkanolamines for CO2 removal and recovery is
reproduced in Table 5-1.
Table 5-1 Important Physical Properties of Various Amines

Solvent MEA DEA TEA MDEA
Molar concentration 5 3.5 3.35 4.28
Weight concentration 30% 36% 50% 50%
CO2 loading, mole/mole
of amine

0.4 0.4 0.5 0.5

Latent heat of
vapourization, kJ/kg

826 670 535 550

Heat of reaction,
kJ/mole of CO2

72 65 62 53.2

Reaction rate constant,
mols/L.s

7600 1500 16.8 9.2

On the basis of heats of reaction and the latent heats of vapourization, MDEA
would appear to be favoured over MEA as energy consumption would be
lower. However, the rate constant for reaction between MDEA and CO2 is
nearly 900 times lower than that for MEA. Generally, the higher the rate of
reaction, the greater the mass transfer rate. Less solvent is therefore required
and the absorption system becomes more compact. MEA is therefore
considered to be the optimum solvent for CO2 removal from power plant flue
gases. Further data in the literature7,8,9,10,11,12,13,14indicates that 30 wt.% MEA in
water to be the optimum concentration for CO2 absorption.

Consideration of the maturity and commercial availability of various
technologies for CO2 removal also supports the above conclusions.

5.2 Process description

5.2.1 General
The CO2 recovery process selected for use in the present study is based on
commercially available ECONAMINE FG process, which can recover 90% of
the CO2 from the incoming flue gas. This technology was originally developed
by DOW Chemicals in late 1970s as DOW Gas Spec FT technology to
specifically remove CO2 from oxygen-containing gases such as flue gases. In
1989, Fluor Daniel acquired ownership of this technology and has since
marketed it as the ECONAMINE FG process.

The process uses a solvent consisting of a 30 wt.% aqueous solution of MEA
plus other proprietary additives. The additives retard the chemical
degradation of MEA by oxygen, reduce foaming in the
absorption/regeneration columns and protect the plant equipment against
corrosive effects of decomposition products.
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The key items of equipment in this process are the direct contact cooling
(DCC) tower, the absorption column, the lean/rich solvent heat exchanger
and the solvent regeneration column. The DCC tower is used to cool the flue
gases to about 40oC prior to absorption.  The main energy requirement for
the process is the regeneration column reboiler duty, which is provided in the
present case by steam from the power plant. Additional energy is required
because flue gas compression is necessary to overcome the system
pressure drop.

The description of CO2 recovery process outlined below should be read in
conjunction with the Process Flow Diagram, Figure 5-1.
Figure 5-1 Process flow diagram
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It is assumed that the amine plant fans draw flue gas at 105 kPa and 65oC
from the combined cycle power plant. Two fans are installed in parallel to
overcome the pressure loss of about 20 kPa through the CO2 removal plant.
The type of fan used depends on vendor selection. An ABB Type HF double
box inlet centrifugal fan with inlet radial vane controls has been considered in
this study.
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5.2.2 Flue Gas Cooling
The flue gas leaving the fans is sent through a direct contact cooling (DCC)
type Flue Gas Cooler where its temperature is reduced to approximately 45oC
and some of the NO2 is removed. The Flue Gas Cooler operates as a counter
current packed column in a closed water circuit supplied by the Flue Gas
Cooler Circulation Pump. This water is cooled with seawater in a plate heat
exchanger. Approximately 1% of the circulating cooling water is continually
purged to drain via a level control valve in order to prevent the build-up of
impurities in the system. To improve contact between the gas stream and the
cooling water, the Flue Gas Cooler is packed with Sulzer Mellapak 250X
packing. The column, the packing and column internals are fabricated in
stainless steel to reduce corrosion problems.

Because of the large gas flow rates, the column diameter would be too large
if a single tower were used for gas conditioning. Column hydraulics dictates
that a minimum of three parallel columns are required. These columns are
served by a single pump, plus a standby, and a number of plate heat
exchangers operating in parallel. The selection of the number of plate heat
exchangers for the given duty depends on vendor selection. In this study
three exchanger units are used, each having one-third capacity. Thus, the
DCC system consists of three columns and three plate heat exchangers in
parallel, with water circulated by a single pump.

The cooled gas passes through a mist elimination stage at the top of flue gas
coolers and then on to the bottom section of a packed CO2 Absorber.

5.2.3 CO2 Removal
The flue gas is contacted counter-currently with 30% by weight MEA solution
containing suitable inhibitors to prevent solution degradation by oxygen (12
vol.%) contained in the flue gas.  Around 90% of the incoming CO2 is
absorbed in the column together with small amounts of other components.
Mass transfer between the flue gas and the amine solution occurs in packed
beds of Sulzer Mellapak 250X. The bottom section of packed bed has
stainless steel packing whereas the upper sections are filled with carbon steel
packing.  Such an arrangement is necessary to reduce corrosion problems
within the column particularly near the bottom end where the CO2 loading in
amine is at its maximum. The depleted flue gas (CO2 lean gas) is then
passed through a stainless steel demister installed within the column to
minimize entrainment losses of the solvent. To minimize the vapour phase
losses of solvent, the lean gas must be cooled to 40oC.
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Direct contact cooling of lean gas in a closed water circuit, similar to the DCC
system for gas cooling described above, has been used in this study to keep
the vapour phase solvent concentrations in the effluent flue gases below 5
ppm by volume. This DCC section is mounted directly above the CO2

absorption section. The lean gas leaves the CO2 absorption section at around
50oC and passes upward through a packed bed of Sulzer Mellapak 250X
fabricated in polypropylene, where it is contacted with water to cool it down to
40oC.

This wash water is completely withdrawn from the top of the CO2 absorption
section by a 100% draw off tray and recirculated by the Absorber Wash Water
Pump back to the top of DCC section via a plate type Wash Water
Exchanger. In order to minimize the vapour phase solvent losses and the
solvent build-up in recirculating wash water, approximately 2% of the wash
water is bled from the pump discharge. This purged water is used as reflux in
the main absorption section.

The washed lean gas then passes through a Stack Gas Knock Out Drum
fitted with a stainless steel demister to eliminate any traces of wash
water/solvent in the gas.  Any liquid collected in the Knock Out Drum is
periodically returned to the suction side of the Absorber Wash Water Pump.

The lean gas that leaves the Stack Gas Knock Out Drum needs to be
reheated from 40oC to about 90oC before venting through the power plant’s
stack.

As with the gas conditioning towers, three CO2 absorption towers are
required to handle the large gas flow rate through the system. Each tower
would include its own Stack Gas Knock Out Drum. The duty of the Wash
Water Exchanger is such that three parallel plate heat exchangers are
required. As a result, it is desirable from an operating viewpoint that the CO2

Absorber, Stack Gas Knock Out Drum, Absorber Wash Water Pump and
Wash Water Exchanger operate as three parallel streams. Thus, if one
absorber is not operating then both the pump and exchanger can be shut
down.

5.2.4 Amine Regeneration
The CO2 rich amine solution is withdrawn at approximately 50oC from the
base of the absorbers through three plate and frame type Lean/Rich Solvent
Exchangers and pumped to the top of the Amine Regenerators by a single
Rich Amine Pump. The Lean/Rich Solvent Exchangers operate in parallel and
heat the rich amine solution to 95oC against the hot lean solution from the
Amine Regenerator. The rich solution enters the top of the Amine
Regenerators and is stripped of CO2 by ascending vapours generated in the
Amine Reboilers. The Amine Reboilers are heated by saturated steam at
approximately 350 kPa (absolute) pressure (139oC).
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Due to the high loading of amine in the system, two Amine Regenerator
columns in parallel are required. Each column has two reboilers. The amine
regeneration and stripping of CO2 takes place counter currently in two
packed beds of Sulzer Mellapack 250X. Stainless steel packing is used for
the upper bed to minimize corrosion potential whereas the lower bed has
carbon steel packing.

The lean liquor from the Amine Regenerators is fed to the Lean Rich Solvent
Exchanger where it is cooled from approximately 117oC to 65oC against the
cold rich amine solution. A single Amine Circulation Pump pumps the solution
back to CO2 absorption columns via three plate type Lean Amine Coolers
operating in parallel.

The CO2 rich vapour stream leaves the top of the Amine Regenerators at
approximately 95oC. It is cooled to 40oC against cooling seawater in reflux
type partial condensers. The condenser is a shell and tube type exchanger
and for the given duty four such units are required to be used in parallel, two
on each of the Amine Regenerator column. Each regenerator column also
has two parallel reboilers.

The cooled CO2 gas stream together with condensate enters the Acid Gas
Knock Out Drum where the condensate is separated and returned as reflux to
the top of the Amine Regenerator by the Reflux Pump. To maintain overall
plant water balance, provision is made to bleed off condensate to effluent
treatment.

To simplify operation of the amine regeneration system, two Acid Gas Knock
Out Drums and two reflux pumps are provided. Thus, the Amine
Regeneration section consists of two parallel trains, each train consisting of a
CO2 regenerator, two reboilers, two overhead condensers, one acid gas
knock out drum and one reflux pump.

5.2.5 Amine Cleaning
To maintain the solution in satisfactory condition a bypass is installed where
approximately 5% of the cooled lean solution from the Lean Amine Coolers is
passed through an activated carbon filter. The filter is protected upstream
and downstream by 10µm mechanical filters to remove solid particulates. A
minimum of two filters are used to enable periodic clean out, so that at least
one unit is always in operation.  Package units have been selected for this
duty and it has been ascertained that six units would be required to perform
this duty. The cleaned lean solution then passes to the CO2 Absorber to join
the remaining 95% of solution. The mechanical filter upstream of the activated
carbon beds prevents premature failure of the bed due to blinding of the
surface, whilst the downstream filter prevents carbon being carried out with
the amine solution.
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5.2.6 Amine Reclamation
The carbon bed used for amine cleaning does not remove heat stable salts
formed during CO2 absorption due to the reaction of MEA with impurities in
flue gas such as SOx, NOx, oxygen and carbon monoxide. Hence, amine
reclamation is also necessary. The reclaimer is a steam-heated reboiler,
which operates in batch mode. Prior to beginning the reclaiming cycle, a
small quantity of soda ash solution and demineralised water are added to the
spent amine solution. The solution is then heated by sparging with low-
pressure steam to break down salts and vapourize MEA. The MEA vapours
are sent to the Amine Regenerator. At the end of each cycle a non-hazardous
sludge is formed in the reclaimer which is manually removed and disposed of
in a landfill.

If the heat stable salts were not removed in the reclaimer, they would
eventually decrease the solution’s capacity to remove CO2, leading to
corrosion problems, excessive foaming in the columns and reduced mass
transfer rates. Without a reclaimer it would eventually be necessary to replace
the solvent. However, when a reclaimer is used periodically, makeup is only
required for normal plant operational losses. Unfortunately, reclaimer
operation usually results in the removal of corrosion inhibitor and hence it is
desirable to minimize the quantity of solution going through the reclaimer.

In normal operation, the reclaimer is operated one week in four. Less than
0.5% of circulating amine needs to be processed through the reclaimer if the
amine solution is corrosion inhibited. However for non-inhibited solution, as
much as 3% of total circulation load must be processed through the
reclaimer.

When the reclaimer is in operation, the reboiler duty is reduced by an amount
equivalent to the quantity of steam being returned to the regenerator.

5.2.7 Amine Solvent Make-Up
The solvent MEA in its pure form has a freezing point of 10.5oC. However as
the solution is diluted the freezing point drops. An 80% by weight solution
freezes at –20oC whilst an 85% by weight solution freezes at approximately –
13oC. Under European climatic conditions care must be taken in the winter
months to ensure that the MEA remains in a liquid state. Hence, 85% MEA in
aqueous solution is used as make-up during winter, while 100% MEA is used
in summer.

Make-up is required on a regular basis. Bulk supply of solvent is readily
available. The solution is diluted on a daily basis with demineralised water to
the required concentration in the Amine Make-Up Tank and pumped by the
Amine Make-Up Pump into cool lean solution line downstream of the
Lean/Rich Exchanger.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 4.DOC 5-8

5.2.8 Amine Storage
During periods of plant maintenance and other disruptions to plant operation,
it is necessary to dump the whole of the circulating solvent to a storage tank.
This tank can also be used as a buffer to store surplus amine solution that
can be withdrawn periodically.

5.3 Application of the process to power generation options

5.3.1 Introduction
The process as described above is essentially independent of the nature of
the power generation plant supplying the flue gas. The same configuration of
amine scrubbing plant would therefore be required for the various scenarios
of gas fired power generation plant considered in this study.  Process
simulations were therefore performed around the various sections of the
amine scrubbing plant using the flue gas composition and flow rate given in
Table 5-2.

Table 5-2 Fluegas Composition and Flow Rate into the CO2 removal
plant

Components Weight Component Rates
(kg/hr)

N2  1,863,090
CO2  159,411
H2O  135,199
O2  342,149

SO2  2.3
SO3  0.7
NO  52.8
NO2  20.3
CO  61.9
CH4  14.1

TOTAL 2,500,000

With the combined cycle plant running at base load and a capacity factor of
85%, the amount of CO2 produced over the term of one year is about 1.2
million tonnes and about 30 million tonnes over the life of the plant.

In the course of this analysis the effects of the following parameters were
investigated:
¨ Gas treatment prior to absorption,
¨ Extent of CO2 recovery,
¨ Varying gas temperature at inlet to the absorber.
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These parameters were assessed in terms of their effect on
(i)  electrical power consumption by the absorption/regeneration plant,
(ii)  overall cooling water load,
(iii)  amine regeneration and reclamation steam loads, and
(iv)  makeup solvent requirements to compensate for solvent loss during the

absorption/regeneration process.

5.3.2 Gas Treatment
For the base case of a natural gas fired combined cycle power plant, it is
assumed that the flue gas is available at approximately 65oC. In this case it
would need to be cooled by direct contact cooling prior to entering the CO2

absorption system.  However for the other cases in this study, the
temperature at which flue gas will be available for CO2 removal depends
upon the multi-product system option being considered (district heating,
district cooling or desalination). In some instances it is possible that the flue
gas may not require any cooling prior to CO2 absorption.

To assess the impact of direct contact cooling on cost and energy
requirements for CO2 removal, process simulations were conducted for flue
gas at 65oC with and without direct contact cooling.

5.3.3 Extent of CO2 Recovery
The overall thermal efficiency of a gas fired combined cycle power plant (with
CO2 removal unit) will depend on the extent to which CO2 is removed. Hence
two CO2 recovery levels, 90% and 98% (plus), are considered.

5.3.4 Inlet Gas Temperature
Since CO2 absorption in amine solution is an exothermic process, the
temperature of the flue gas entering the absorber has a major effect on the
process efficiency. The effect of flue gas inlet temperatures ranging from 75oC
to 45oC at 10oC intervals was investigated assuming that there was no
cooling of the flue gas before it entered the CO2 absorption column.

5.3.5 Process Simulations
Using a proprietary process simulation package, process simulations were
carried out with following constraints:
1. MEA solution entering the CO2 absorber has 30% by weight concentration.
2. The discharge pressure for the CO2 Absorber Bottoms Pump and the

Amine Circulation Pump is 350 kPa.
3. Pressure losses in lines and fittings can be neglected.
4. The pressure drop across the absorption and regeneration columns of 15

and 65 kPa respectively.
5. Maximum temperature rise allowable for cooling seawater is 7oC.
6. The temperature of approach for heat exchangers is at least 15oC.
7. Saturated steam for solvent regeneration is available at 350 kPa (139oC).
8. All pumps and blowers operate at 80% overall efficiency.
9. The CO2 lean gas leaves the absorber at 40oC and 105 kPa.
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10. The CO2 rich gas leaves the regeneration column at 40oC and 106 kPa.
Table 5-3 lists various cases for which material and energy balances were
obtained. Thus, Cases 1 to 4 consider the effect of variation in the flue gas
inlet temperature without direct contact cooling for 90% recovery of CO2.
Case 5 assesses the impact of increasing CO2 recovery to 98% for flue gas
entering at 45oC (without direct contact cooling). Case 6 represents the
standard base-case CO2 removal scenario where flue gas is available to the
CO2 removal plant at 65oC and it is cooled to 45oC by direct contact cooling
with water (of boiler feed quality) prior to scrubbing with a 30 wt% aqueous
solution of MEA.

Table 5-3  Process Parameters
Case CO2

Recovery
%

Amine
Strength

% wt

Flue gas
Temp.

oC

Flue gas
Press.
kPaa

Direct
contact
cooling

1 90 30 45 105 No
2 90 30 55 105 No
3 90 30 65 105 No
4 90 30 75 105 No
5 98.27 30 45 105 No
6 90 30 65 105 Yes

5.4 Technical analysis

Table 5-4 and Table 5-5 present the overall results of the process simulations.

These results indicate that as the flue gas temperature at the inlet to the
absorber rises, the amine circulation rate required for 90% CO2 recovery
increases. The total power, steam requirement and cooling water loads also
show a corresponding increase. The results for Cases 1 and 5 also show that
at the higher CO2 recovery rate, there are significant process penalties in
terms of higher power, steam and cooling water loads.

The simulations have further shown that for 98% recovery of CO2, the amine
circulation rate needs to be increased by 7.1% and the number of theoretical
trays required in the absorber is twice that required for 90% CO2 recovery.

Table 5-4 Process simulation results, part I
Case Exhaust

CO2 Lean
Gas Flow

Rate
T/hr

Exhaust
CO2 Rich
Gas Flow

Rate
T/hr

Demin.
Water Flow

kg/hr

Cooling
Water Flow

T/hr

Total
Electrical

Power Load
MW

Total Steam
Flow

T/hr

1 2326 147.8 346 24013 12.44 297.5
2 2326 147.8 360 25272 12.85 301.7
3 2326 147.8 360 26784 13.22 310.3
4 2326 147.8 359 28324 13.62 319.4
5 2313 161.4 347 25383 12.47 318.2
6 2326 147.9 15,220 24936 13.17 282.6
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Table 5-5 Process simulation results, part II
Case Amine

Circulation
Rate
T/hr

Make Up
Amine (100
wt%) Load

kg/hr

Total
Effluent

Water Load
T/hr

Amine Plant
Fan Power

Load
MW

CO2 Lean
Gas Amine

Slip
kg/hr

CO2 Rich
Gas Amine

Slip
kg/hr

1 2751 148.3 26.4 11.91 1.00 0.05
2 2832 154.1 26.4 12.28 0.95 0.05
3 2914 154.2 26.4 12.66 0.90 0.05
4 2997 154.0 26.4 13.04 0.86 0.05
5 2947 148.8 26.4 11.91 2.74 0.06
6 2571 82.5 30.4 12.66 1.23 0.05

Comparison of the results for Cases 3 and 6 indicate that direct contact
cooling of flue gas to 45oC prior to absorption reduces the overall cooling
water and steam loads for the plant by 7 % and 9% respectively. Since, the
gas is cooled to below its dew point by direct contact cooling with water,
moisture in the flue gas entering the CO2 absorber is reduced by 10.8 T/hr.
Hence, the amine circulation rate required for 90% recovery decreases and
correspondingly, the effluent water stream from the Amine Regenerator
column decreases from 26.4 T/hr to 15.3 T/hr. As a result, the amine losses
are reduced and the make-up amine (100 wt%) requirement is reduced to
only 82.5 kg/hr compared to 154.2 kg/hr without direct contact cooling (Case
3). However, since approximately 1% of the circulating water needs to be
continuously rejected from the direct contact cooling system to avoid build-up
of impurities, the overall effluent load from the plant is slightly higher when
direct contact cooling is used. The total electrical power demand for both
cases remains nearly the same since savings in pumping load due to
reduced amine circulation rate for direct contact cooling are offset by the
pumping load with water circulation.

Table 5-6 and Table 5-7 provide a breakdown of amine regeneration steam
load and cooling water loads for each case around individual heat exchanger
units in the plant. It should be noted that the steam loads associated with the
Amine Regenerator Reboiler and amine reclamation are included in the total
steam load given in Table 5-4.

Table 5-6 CO2 Regenerator Reboiler Steam Load
Case Heat Duty

MWth

Process
Temperature

oC

Steam Flow
Rate
T/hr

1 162.0 116.32 270.5
2 164.2 116.32 274.2
3 169.0 116.32 282.1
4 173.9 116.32 290.4
5 173.2 116.32 289.2
6 153.9 116.32 256.9



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 4.DOC 5-12

Table 5-7 Cooling water loads (CW  ∆∆T = 7oC)
Case Exchanger Heat

Duty

MWth

Process
Temperature

oC

Water
Flow
Rate
T/hr

inlet Outlet
1 Absorber Overhead DCC 40.1 40.0 25.0 4,911
1 CO2 Regenerator Condenser 73.6 93.8 40.0 9,014
1 Lean Amine Cooler 82.4 70.0 40.0 10,088
2 Absorber Overhead DCC 44.5 40.0 25.0 5,442
2 CO2 Regenerator Condenser 77.1 94.2 40.0 9,445
2 Lean Amine Cooler 84.8 70.0 40.0 10,384
3 Absorber Overhead DCC 48.4 40.0 25.0 5,921
3 CO2 Regenerator Condenser 77.3 94.2 40.0 9,461
3 Lean Amine Cooler 93.1 72.0 40.0 11,402
4 Absorber Overhead DCC 52.2 40.0 25.0 6,391
4 CO2 Regenerator Condenser 77.3 94.2 40.0 9,466
4 Lean Amine Cooler 101.8 74.0 40.0 12,466
5 Absorber Overhead DCC 38.4 40.0 25.0 4,701
5 CO2 Regenerator Condenser 80.7 93.8 40.0 9,878
5 Lean Amine Cooler 88.2 70.0 40.0 10,805
6 Absorber Overhead DCC 29.8 40.0 25.0 3,645
6 Absorber Inlet DCC 34.9 45.0 25.0 4,273
6 CO2 Regenerator Condenser 69.7 93.3 40.0 8,539
6 Lean Amine Cooler 69.2 67.0 40.0 8,479

Typical values for flow rate, composition and other process conditions
associated with the CO2 lean gas stream, the CO2 rich gas stream and the
effluent water from the regenerator overhead reflux condenser are given in
Table 5-8 for the base case power plant (Case 6).

Table 5-8 CO2 Lean Gas, CO2 Rich Gas and Effluent Water Stream
Composition for Base-Case Power Plant

Stream Name CO2 Lean Gas CO2 Rich Gas Effluent Water
Stream Phase Gas Gas Liquid
Temperature oC 40.0 40.0 40.0
Pressure, kPa 105.4 106.4 106.4
Total Mass Rate, T/hr 2,326 147.9 15.3

N2 T/h 1863.0 0.084 0.00
CO2 T/h 15.95 143.4 0.075
H2O T/h 105.1 4.37 15.18
O2 T/h 342.1 0.038 0.00

SO2 kg/h 2.20 0.06 0.00
SO3 kg/h 0.52 0.17 0.00
NO kg/h 52.76 0.00 0.00
NO2 kg/h 16.39 3.62 0.08
CO kg/h 61.84 0.00 0.00

Methane kg/h 14.13 0.00 0.00
MEA kg/h 1.23 0.05 82.38
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It should be noted that the re-heating of CO2 lean gas stream from 40oC to a
suitable temperature, prior to its discharge through the power plant stack, has
not been included within the battery limits of CO2 removal plant. Similarly, the
downstream processing of CO2 rich gas stream prior to its disposal has also
not been included within the battery limits of CO2 removal plant.

In general the process simulation results indicate that:
¨ Typical MEA (85 wt%) loss during CO2 absorption/regeneration process is

around 0.67 kg to 1.26 kg per tonne of CO2 captured. Riemer15 has quoted
in an earlier study, the total amine loss as approximately 2.0 kg per ton of
CO2 captured for a 500 MWe pulverized fuel fired power plant with 90%
CO2 recovery. However, an equivalent figure for a 500 MW natural gas
fired combined cycle power plant has not been reported.

 

¨ The total steam load associated with CO2 removal plant varies from 1.97
kg per kg of CO2 captured for the base case power plant (Case 6) to 2.22
kg per kg of CO2 captured for Case 4 at 90% CO2 recovery rate. This is
equivalent to 4.22 MJ/kg of CO2 captured for the base case power plant.
This figure is in agreement with Mariz16, Sander14, Suda17 et al and other
investigators18,19 who quote a heat consumption of 3.8 to 4.1 MJ/kg of CO2

captured at 90% recovery from flue gas using 30 wt% MEA solution.
 

¨ The main source of electrical power consumption in CO2 removal plant is
the Amine Plant Fan. Its power load varies from 11.9 to 13 MW. Riemer15

has reported in a previous IEA study that to remove 90% of CO2 from flue
gas, the MEA process requires approximately 9 MW for the blower and a
total power consumption is 14.4 MW. Since the line losses have been
neglected in this study and the process details considered by Riemer are
not available to the present investigators, it is difficult to comment on the
differences. However, the total power load of 12.4 MW to 13.6 MW
calculated in this study is close to Riemer’s observations.

 

¨ The amine carryover in CO2 lean and rich gas streams is of the order of 0.9
to 1.28 kg/hr for 90% CO2 recovery rate. This range of amine carryover
losses is in agreement with the figures quoted by Mariz16, Smelser10 and
other investigators15, 18, 20 for the Econamine FG process.
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5.5 Impact on the combined cycle plant performance

If it is assumed that the combined cycle plant is designed to operate with the
CO2 removal plant off-line, and the CO2 removal plant incorporates the amine
plant fans to balance the pressure loss through the absorber unit and
associated plant, then the primary impact of the CO2 plant operation on the
combined cycle plant will be:
¨ the lost generation due to the extraction stream taken from the steam

turbine (at 0.24 MWe/MWth for these conditions)
¨ the additional parasitic load incurred due to the CO2 plant (primarily the

fan, secondarily the process pumps)
¨ an additional load due to increased cooling water pump capacity not

included in the above (an additional 0.25MWe)
¨ additional parasitics due to the CO2 compression and drying plant (refer

Section 5.7.3

Total impact in this configuration is given in Table 5-9.

Table 5-9 Impact on combined cycle output
Factor Reduced combined cycle plant

output, MWe
Reduced generation due to
extraction steam

48.2

Additional parasitics 14.4
Additional c/w pump load 0.3
CO2 compression & drying 17.3
TOTAL 80.2

Note that the extraction steam required, approximately 280 T/h represents
approximately 70% of the steam flow through the steam turbine upstream of
the extraction point.

This level of extraction will require special consideration within the steam
turbine design which is outside the scope of this study.

5.6 Cost parameters

Using the material and energy balance data obtained through process
simulations for the various cases listed above, detail equipment sizing was
undertaken to obtain the capital cost of the CO2 removal plant. These sizing
calculations were restricted to the  90% CO2 recovery cases, since this level
of recovery has been recommended as common industrial practice by other
investigators10,15,17-20.
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The calculations for the various cases have shown that the number of direct
contact cooling systems, CO2 absorption columns, amine regeneration
columns and other ancillary equipment does not change. Similarly, there was
negligible difference in the height of column packing, pump sizes and heat
exchanger sizes between the cases. The small differences noted for reboiler,
pump or cooler sizes were not sufficient to change the number or size of units
in parallel operation. Hence, the inventory of process units required is
essentially the same for all cases, and is in accordance with the process
description given above.

The inventory of major process units is shown in Table 5-10, which includes
the number of operating and stand-by units. It should be noted that standby
units are provided in accordance with common industrial practice for only the
critical components that have potential to seriously interrupt the processing of
flue gas.
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Table 5-10 Main equipment list
Equipment Number

Operating
Number
of Stand-

by

Total
Number

Gas Supply Section
Amine Plant Fan 2 1 3

Gas Cooling Section-DCC System
Cooling Tower 3 - 3

Cooling Water Plate Heat Exchanger 3 - 3
Cooling Water Circulation Pump 1 1 2

CO2 Removal Section
Absorption Column 3 - 3

Overhead DCC system Cooling Tower 3 - 3
Cooling Water Plate Heat Exchanger 3 - 3

Cooling Water Circulation Pump 3 1 4
Stack Gas Knock Out Drum 3 - 3

Amine Regeneration Section
CO2 Absorber Bottoms Pump 1 1 2

MEA Lean/Rich Heat Exchanger 3 - 3
Amine Regenerator Column 2 - 2

Amine Reboiler 4 - 4
Amine Regenerator Overhead

Condenser
4 - 4

Overhead Knock Out Drums 2 - 2
Overhead Reflux Pump 2 1 3

Amine Circulation Pump 1 1 2
Lean Amine Cooler 3 - 3

Amine Cleaning Section
Activated Carbon Filters 3 3 6

Amine Reclamation Section
Amine Reclaimer Unit 2 - 2

Auxiliary (Storage) Section
Demineralised Water Tank 1 - 1

Spent MEA Tank 1 1 2
Effluent Water Tank 1 1 2

30 wt% MEA Storage Tank 1 1 2
85 wt% MEA Storage Tank 1 1 2

100 wt% MEA Storage Tank 1 1 2
Make Up MEA Pump 1 1 2

Make Up Water Pump 1 1 2
Spent MEA Transfer Pump 1 1 2

Effluent Water Transfer Pump 1 1 2
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From the equipment sizes calculated, the costs for process equipment were
obtained using in-house database costs where possible. However, where the
information was of a proprietary nature (eg. absorber and regenerator column
internals), costs were obtained directly from vendors. Costs for stress
relieving of fabricated equipment, painting of internal and external surfaces
for corrosion prevention, and insulation for heat conservation or personal
protection were also obtained from the vendors and added to the bare
equipment cost. Finally, locally (AUD) derived costs were converted into the
US dollar units using an exchange rate of A$1 equal to US$0.7 for the year
1998.

A major difference between Cases 1 to 4 and Case 6 is that the latter uses a
DCC system prior to gas absorption. The bare cost (BC) of the DCC system
is given separately in Table 5-11 to enable the impact of the DCC system on
process costs to be assessed.

Table 5-11 Bare cost of the DCC system
Equipment Million US $

Cooling Towers 10.5
Heat Exchangers 0.6
Pumps 0.5

Total Vessel Cost 11.6
Piping & Support
Systems

1.5

Storage/Transport 0.5
Common Supplies 0.4
Bare Costs (BC) 14.0

Table 5-12 shows the total capital investment required for Case 6, ie. the
base case 500 MW natural gas fired combined cycle power plant with
standard Econamine FG type CO2 removal plant at the tail end. This costing
has an accuracy of around +/- 30% and was calculated using the guidelines
given by the IEA for design and construction period, inflation during that
period, cost of land purchase, engineering fees and other contingencies. For
the other cases, the total capital investment cost can be determined by
deducting the cost of the DCC system given in Table 5-11.
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Table 5-12 Capital cost estimate for Base Case Power Plant (Case 6)
Equipment Million US $

Gas Supply
-Amine Plant Fan 4.5

Gas Cooling
-DCC system 11.6

CO2 Removal
-Absorption Section 26.5

-Heat Exchangers 0.6
-Pumps 0.5

CO2 Regeneration
-Regenerator Section 19.5

-Heat Exchangers 3.0
-Pumps 2.3

Amine Cleaning & Reclamation 15.0
Raw Materials & Effluent
Storage/Transport

7.0

Support Systems 10.5
Common Supplies 5.5
Bare Costs (BC) 106.5
Engineering, Procurement, Construction
Management @ 5% of BC

5.3

Capital Investment (CI) 111.8
Fees (@ 2% of CI) 2.2
Land Purchase, Site Preparation (@ 5%
of CI)

5.6

Contingencies (@ 10% of CI) 11.2
Total Plant Costs (TPC) 130.8

To calculate the cost of consumables, make-up amine at 85 wt% strength
and activated carbon were costed at $1900 per ton and $3800 per ton
respectively. Thus for Case 6, the annual cost of make-up amine and
activated carbon replacement would be $1,615,000 and $1,099,000
respectively. This assumes that the load factor for the plant is 100%, i.e. 8760
hours per annum. Since the flue gas composition does not vary during
operation of the plant, the annual cost of activated carbon replacement is
assumed to remain the same for all cases.

Incremental manning requirements for the amine absorption system is
estimated at 5 equivalent staff on shift including allowance for operation,
maintenance, supervision, quality assurance and an allocation for
administration functions. Thus, 22 people would be employed on a basis of
1960 hours/person/year basis.
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In general the analysis indicates that the incremental bare cost of installing
CO2 removal plant for a 500 MW base case natural gas fired combined cycle
plant is US $106.5 million, of which approximately 13% is the cost of direct
contact cooling of gas prior to absorption.

Pauley20 has quoted that the capital required to build a plant to recover 1000
ton/day of carbon dioxide without compression and dehydration is US $20
million (January, 1983 base) if the flue gas has CO2 content at 8% by volume.
This cost rises to US $26 million, if the CO2 content is only 4% by volume. The
Chemical Engineering Plant Cost Index for January 1983 was 314. The same
plant cost index for May 1998 is 386.8. Hence using these indices, the bare
cost for building a 1000 ton/day CO2 removal plant in 1998 can be estimated
as US$32 million.

From discussions with vendors of Econamine FG Technology, Hendriks19 has
concluded that the current maximum size for a single train of the Econamine
FG process is around 1000 ton/day. This includes the amine plant fan, flue
gas cooler, absorber, regenerator, heat exchanger and a reclaimer. For
higher capacity plants, a number of such trains operating in parallel would be
required. For the present case at 90% recovery, the plant size would be
approximately 3450 ton/day. Hence, a simple scale-up suggests the bare
cost of plant as US $110.4 million. This is in close agreement with the cost of
US$106.5 million obtained from the costing exercise performed in this study.

5.7 Other parameters

5.7.1 Gas Booster Fan C1 Power Load
As an alternative to the provision of a booster fan, it may be possible to
provide this pressure more economically using the gas turbine.  In this case
the take-out fan power consumption is estimated at 11.9 to 13MW.

The take-out cost for this fan is approximately USD 4.5M bare cost.

5.7.2 Emissions
Estimated specific emissions (other than amine slip) to the atmosphere at the
plant stack are given in Table 5-13.

Table 5-13 Specific Emissions of Gases to Atmosphere (mg/m3)
Emissions Case 1 Case 2 Case 3 Case 4 Case 5 Case 6
CO2 7750 7735 7736 7750 1347 7739
NOx 34 34 34 34 34 34
SOx 1.3 1.3 1.3 1.3 1.3 1.3
CH4 6.9 6.9 6.9 6.9 6.9 6.9
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5.7.3 CO2 compression and Drying
The functions of CO2 compression and drying are to compress the CO2

product to pipeline pressure and to dehydrate the CO2 to meet pipeline
requirements.  In the process of compression the CO2 would also be cooled
to meet pipeline requirements and to achieve more efficient compression.

The CO2 rich gas is compressed from a 106kPa and 40oC to 11,000kPa and
40oC.   The compressor is assumed to be a 4 stage compressor with
interstage and after cooling provided by heat exchangers using cooling
water.   In the drying system, triethylene glycol contacts the CO2 in an
absorber to remove water vapour.

The pipeline inlet pressure of 11,000kPa should then maintain the CO2 above
the critical pressure (7,400kPa) at all points in its journey through the pipeline.

The electrical power required for the compression and drying is
approximately 17.3MW and has an expected EPC cost of about US$29.1
million.
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6. Technology description - District heating

6.1 Application description

District heating involves the utilisation of low grade energy/heat, generally via
an intermediate heating medium which can then be distributed to industry
and the community at large.   Distribution of this heating energy can be
accomplished by passing hot water, oil or steam through a network of pipes.
The requirements for the distribution of this heating medium can have a large
impact on the approach taken in district heating.   This study though focuses
only on the technology and process of heating and not on the methods of its
distribution.

The process involved for district heating is a simple exchange of heat from
the plant to a heating medium which is then distributed through a network of
pipes to the community.   The individual houses and industries then extract
the heat from the heating medium and return the medium back to the plant.

Selection of the peak temperature and the range of temperature over which
the medium operates is largely a function of the economics of the distribution
circuit and the uses to which the heat is applied.

6.2 Alternatives

In modern district heating systems it is common to use a storage vessel
which is able to store heat effectively.   These storage vessels are used to
take advantage of low rate (energy cost) periods to store heat at lower costs
rather than producing heat at peak periods.

Storage vessels are also used if cycling occurs, for example if district heating
is using energy from a power station which operates only in peak periods
(day time and not on weekends) then it is necessary to store heat for the
night times and the weekend.

Heat usage by the consumers is also subject to diurnal variation and heat
storage may be used to flatten the load factor on the heat supply plant.

For the purposes of this study the district heating will be running in parallel
with a base load combined cycle plant and is assumed to have no need for a
storage system.
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6.3 Siting issues

For the purposes of this review, an indication of the relative potential of
various world cities for district heating schemes has been indicated in Figure
6-1, which is derived assuming the mean temperature is midway between the
0.4%ile and 99.6%ile temperatures, and using a balance temperature for a
degree days heating calculation of 15.6oC according to the methodology in
ASHRAE “Fundamentals”21.

Because of the approximations used, this calculation appears to understate
the true number of degree days heating for those sites for which more
accurate calculations are available.  Figure 6-1 therefore gives a conservative
indication of relative district heating potential.

Figure 6-1 Relative district heating potential - major world cities
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Figure 6-1 shows that a large number of major world centres appear to have
a high potential for district heating applications.  This includes the
Netherlands site which is the reference site for this study.
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For the purposes of this study, the district heating case is based upon the IEA
coastal Netherlands reference site.

6.4 Thermodynamic issues

The performance of district heating in this application is related only to the
effectiveness of the heat exchange occurring from the combined cycle heat
source to the heating medium.

The heat exchange from the combined cycle plant to the medium, and from
the medium to the secondary fluid (if applicable) or to the heated space or
process if the medium is used directly at the end use, depends primarily of
the temperature difference between the highest temperature of the source
heat and the highest temperature required in the heat use application.  The
temperature difference has to be sufficient to allow for terminal temperature
differences at each transfer to enable economic heat exchangers (small
temperature differences require exponentially larger amounts of heat
exchange surface area and hence exchanger cost).  An allowance must also
be made for temperature loss in the distribution network.

Secondarily, the allowable minimum temperature at the heat receiving
application, with allowances for terminal temperature differences and
temperature loss in the network, sets the temperature range across which the
heat transfer medium operates, and hence the economics of the distribution
network.  This is because if the allowable range is small then large amounts
of medium must be pumped around the circuit with additional costs incurred
in the large diameter piping and in the parasitic power required for pumping.

Such small differences, or high temperatures, may lead to selection of an oil
based fluid with high heat capacity, however for distribution in public areas
modest temperatures and a temperature range across which water as the
medium can be economically used are preferred.

Other factors impacting on the selection of the fluid and the operating
temperatures are:
¨ network costs (especially heat capacity of the fluid)
¨ cost of the fluid
¨ stability, corrosivity and toxicity of the fluid
¨ possibility of leakage and contamination to the heat source and to the heat

application processes and vice versa

In practice the heat distribution system and the heat source are optimised
together.

For this application, typical values are applied for the required heat
application.
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A base case for the district heating case has been chosen with a supply
temperature of 75oC and a return temperature of 40oC with an overall heating
demand of 100MW of thermal energy.   These figures are typical for plants
that have been implemented and are used to consider from where the heat
can be obtained from the combined cycle plant.

6.5 Variation in performance with conditions

The heat demand on the district heating system is highest in colder ambient
conditions.  As noted in Section 4.4.2.1, for this design the available heat from
the remnant stack heat is highest at lowest ambient temperature (at constant
cooling water temperature) if this were the source of the driving heat.

Seasonal variations or site conditions will have little effect on the availability of
heat extractable from the steam turbine if the site cooling water conditions are
relatively constant.

For those cases where CO2 removal is included, the HRSG temperature
should be reduced to approximately 40oC prior to entering the absorber plant.
Since the data in Section 4.4.2.1 indicates that the HRSG exit temperature
would be highest at low ambient temperatures (for constant cooling water
temperature), this provides an additional opportunity for district heating usage
of the remnant exhaust heat prior to the absorber in obviating some of the
need to reduce the temperature by other (costly) means.

6.6 Cost parameters

Capital cost parameters are provided in Sections 11 and 12.

The costs depend upon
¨ the source of the heat (and heat exchange surface etc to extract the heat)
¨ whether any offset costs apply (especially for the CO2 removal case where

the HRSG exit temperature needs to be reduced prior to the absorber unit
with or without district heating).

The battery limits for the plant are the fence-line of the combined cycle plant
(ie excludes the distribution system).  The distribution pumping plant is
possibly located within the combined cycle plant boundary however this is
excluded from this analysis.

For operations and maintenance it is assumed that the district heating system
incorporated into the plant imposes nil, or negligible, costs upon the plant
beyond the allowance of 2% p.a. of the (EPC basis) capital cost allowed for
maintenance.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 5.DOC 6-5

6.7 Benchmark costs

For multi-product systems, a value needs to be ascribed to the second
product (in this case the distributed heat), such that comparisons may be
made against the costs of the primary product (electricity) of the plant.

For this study the benchmark heating cost concept applied, could be to
compare the costs against a distributed set of gas fired hot water boiler
plants (eg in each building, or a centralised conventional boiler distributing
heat to a district heating network..

In making such a benchmark, additional factors must be taken into account
for this study:
¨ the benchmark gas usage in the distributed, heat only, boiler plants will

have a worse fuel load factor than the centralised electricity plus heat base
load plant and the fuel would need to utilise a fuel distribution network,
and that therefore the fuel would be more expensive in the benchmark
case.

¨ The benchmark fuel usage in the centralised district heating boiler would
also be poorer than the multi-product application

¨ the benchmark distributed system avoids a heat distribution network (of a
central plant) but instead incurs use of a fuel distribution network, which
might be shared with an alternative use such as distributing fuel for
cooking purposes

¨ distributed small boilers would likely have a higher unit capital cost
(particularly after considering the load factor effects) and a lower thermal
efficiency than a centralised plant.

¨ Since the distribution issues are not within the scope of this report, it is
most appropriate to analyse both cases on a common basis (ie at the
boundary of a central plant).

For the purposes of this study the benchmark value of heat utilised is:
¨ Low case US$0/GJ
¨ Medium case US$2/GJ
¨ High case US$4/GJ

A load factor for the plant (annual energy / 8760 / rated hourly heat capacity
of the plant) of 50% is assumed.
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7. Technology description - District cooling

7.1 Application description

District cooling is a process which involves the distribution of a medium from
which cooling effect can be extracted by industry, commercial or residential
users.

Since it is possible to distribute heat (eg via a district heating scheme) and to
use absorption chillers distributed at the point of use to convert the heat to
cooling effect locally, it is not necessary that a cool medium be circulated.
This would be particularly relevant where a combined district heating/district
cooling scheme was countenanced.

This configuration is not relevant to this study, which considers schemes
where cooling effect is distributed from a central plant.

The most common district cooling application is to distribute chilled water to
commercial and institutional buildings such as offices, university campuses,
government building precincts and the like for space cooling application (air
conditioning).

District cooling schemes that provided for process cooling applications (such
as refrigeration, freezing or cryogenics) would be far more difficult as the
lower operating temperatures required impose special restrictions on the
cooling plant including limitations on the processes adopted and on the
cooling effect transfer medium (eg the use of brines instead of water to
operate at low temperatures).

Systems configured for air conditioning (space cooling) applications only are
adopted in this study.

Distribution of the cooling energy can be accomplished by passing cold
water or an ice slurry through a network of pipes.   The requirements for the
distribution of this cooling medium can have a large impact on the approach
taken in district cooling.   This report though will focus only on the technology
and process of cooling and not on the methods of its distribution.  It is
assumed that chilled water is the distribution medium.

7.2 Process description

The common systems employed for chilled water generation for air
conditioning applications are:
¨ vapour compression refrigeration (using centrifugal, screw or reciprocating

compressors for example), and
¨ absorption chillers, of the single or double effect types (double effect types

are more thermodynamically efficient but require higher grade driving heat)
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An absorption chiller involves a (primarily) heat-operated cycle in which heat
is pumped with a minimum of work input, that is thermal energy driven rather
than work energy driven.   The vapour compression cycles involve (primarily)
electric motor or engine driven work input.

While the vapour compression cycles generally have a much higher
coefficient of performance (COP) relative to the absorption cycles (3.5 to 5 in
lieu of 0.6 to 1.2), the value of the driving medium, eg electricity, is commonly
far higher than the value of the heat that might be used for an absorption
chiller.

Which system is the most cost effective in any circumstance depends on the
relative costs/values of electricity, fuel and capital.

The single effect absorption cycle is the most applicable where the intention
is to utilise low grade, low cost heat as the driving medium.

7.2.1 Absorption Chiller

The absorption chiller can be used in either a cooling or heating mode but in
this discussion it will be restricted to a cooling application.  District heating
alone can be serviced more cost effectively with other systems (refer Section
6) and combined district cooling and district heating applications are outside
the scope of this study.

In a vapour compression cycle the refrigeration fluid is compressed by
mechanical work which is quite costly because of the high value of
mechanical work.

The absorption method overcomes the need for large amounts of mechanical
work by compressing the refrigerant fluid when it is a liquid form. The fluid
can be compressed with lower work input via a pump (as a liquid) than as a
compressible gas.   This can be done because the absorption cycle uses
another medium which is able to absorb the refrigerant vapour so that it can
be pumped (ie as a liquid) and then, at the higher pressure the refrigerant is
desorbed (using the heat input) back to the vapour phase so that the cycle
can be operated without the need for large amounts of mechanical work.

Water/lithium bromide and ammonia/water are the most common
refrigerant/absorber media pairs but this report will concentrate on the
water/lithium bromide absorption cycle because of the advantages it
presently has over the ammonia/water cycle (discussed in Section 7.3).
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Figure 7-2 Single effect absorption chiller schematic

Figure 7-1 Absorption chiller concept
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The absorption cycle has five main components as shown in Figure 7-1 and
Figure 7-2: the desorber (also known as the generator), the condenser, the
evaporator, the absorber, and the solution heat exchanger.  The flows
between each component are numbered similarly in each figure.
¨ Desorber - A heat source (steam, direct heat or hot water) is used to boil

the water/lithium bromide solution at a relatively high pressure such that
the water vapour is released and the lithium bromide solution is
concentrated.  Heat of solution of water in the LiBr mixture and latent heat
of evaporation of the water must be added.

¨ Condenser - The water vapour that is released from the desorber is drawn
(7) into the condenser where cooling water cools and condenses the water
vapour back to water

¨ Evaporator - A pressure drop occurs from the condenser to the evaporator
by an orifice (or just pipework restrictions) (8 to 9) and due to the lower
pressure in the evaporator flashing of the water occurs.   The flashing
cools the remaining water down to the saturation temperature of the water
at the pressure in the evaporator.   Normally the temperature is limited to a
minimum of about 4oC to avoid the water freezing.  The evaporated water
then leaves the evaporator and flows (10) to the absorber.  A small portion
of the water leaving the evaporator leaves (11) as liquid spill over.

¨ Absorber - Cooling water removes the heat released as the water vapour
returns to the liquid state by being re-absorbed into the lithium bromide
mixture.  The mixed solution is then pumped (1 then 2) through to the
solution heat exchanger in liquid form.

¨ Solution heat exchanger - The heat exchanger transfers heat from the
relatively warm concentrated lithium bromide, which is returning (5) from
the desorber to the absorber, to the now diluted water/lithium bromide
solution.   Transferring heat between the solutions reduces the amount of
heat that has to be rejected from the absorber and also reduces the
amount of heat that has to be added in the desorber.

Because absorption machines are thermally activated, large amounts of
electrical/mechanical power input are not needed.   Therefore where
electrical/mechanical power is expensive or unavailable and waste heat is
available then absorption machines provide economical, reliable and quiet
cooling.

7.3 Alternatives

The coefficient of performance for a single stage absorption chiller is in the
order of 0.6 - 0.7.  This is due to the refrigerant in both the desorber and the
evaporator requiring about the same amount of heat to boil minus a number
of losses such as circulation losses, expansion losses, etc.   A higher
coefficient of performance can be obtained by using a two stage absorption
chiller (1.0 to 1.2) but these require a higher quality thermal source.  Two
stage absorption chillers require heat at about 175oC22.   For this study the
single stage absorption chiller technology is applied as this technology can
use a lower quality thermal source of the order of 100oC.
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As noted in Section 7.2.1 there are a number of media pair combinations
available.   These include ammonia/water, ammonia/salt, water/lithium
chloride, water/hydroxide, etc.   Some pairs are suitable for certain cycles and
solve some of the problems associated with the traditional pairs.   However,
corrosion, stability and limited chemical property information generally lead to
the use of either water/lithium bromide or ammonia/water as the medium at
present.   Also some of fluids used are somewhat hazardous requiring extra
precautions and cost for their use.

The advantages of the water/lithium bromide cycle include high safety, high
volatility ratio (the ability to separate the two solutions), high affinity, high
stability, low working pressures and high latent heat.   The water/lithium
bromide cycle though is limited by the refrigerant (water) forming ice at 0oC
and also by the lithium bromide solution tending to crystallise at moderate
concentrations.  These disadvantages can be overcome by careful design
and operation.  The main reasons for choosing the water/lithium bromide
cycle over ammonia/water cycle is that the coefficient of performance for the
ammonia/water cycle is about 0.57 and that ammonia is toxic requiring a
different plant configuration which increases capital and operating costs.

In modern district cooling systems it is sometimes appropriate to use an ice
storage vessel to take advantage of low electricity cost periods, rather than
producing cooling water at peak electricity cost periods if vapour
compression chiller technology is applied.   For the purposes of this report
the district cooling will be running in parallel with a base load combined cycle
plant and will use absorption chillers.  The penalty applied to electricity output
from the generation plant is small and the value of the lost electricity will be
lower than the “buy-in” cost of electricity at a chiller-only plant, thus a storage
system is not applied.

There are a number of alternatives in the networks that are used in dispersing
the cooling medium to the community, two of which could be applied in this
study.   These use a centralised steam/hot water driven system using waste
heat from a single source.   One alternative is to cool the water on site with a
central  absorption chiller facility and distribute chilled water and the other is
to send out steam/hot water (as per the district heating system) and use
individual absorption chiller plants at various distributed locations to provide
cooling water to a small local network.   Since the distribution of heat is
separately considered in this study, the centralised chiller plant case is
applied in this case.
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7.4 Siting issues

In a similar manner to the calculation of District Heating potential in Section
5.3, an assessment of district cooling potential can also be made.  In this
case a balance temperature of 23oC is applied to create the approximate
degree days cooling relative ranking of major world cities shown in Figure 7-
3.
Figure 7-3 Relative district cooling potential - major world cities
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It is evident from the figure that district cooling potential within major world
cities is more limited than district heating potential.

With respect to the viability of integrated combined cycle/district cooling
schemes, it is also relevant to observe that the following issues would be
expected to hinder the application of such technologies:
¨ Whereas in the district heating case the highest potential sites were

located in developed countries, district cooling potential is weighted more
to cities in lesser developed countries

¨ It might be presumed that heating in a cold climate is a necessity of life,
whereas cooling in a warm climate might be considered a discretionary
service, and

¨ Noting that the performance of the combined cycle plants is degraded
under warmer ambient conditions.

If, considering these issues, the data is filtered to exclude cities within
countries having a per capita GDP23 less than 25% of the highest per capita
GDP country, the number of cities with attractive district cooling potential is
significantly reduced as shown in Figure 7-4.
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Figure 7-4 - Relative district cooling potential, excluding low per
capita GDP countries
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It can be seen from this figure and the above discussion that far fewer strong
district cooling potential sites exist than district heating sites.

Notwithstanding the above, district cooling schemes have been implemented
or are under review in a number of cities world-wide, albeit on a far smaller
scale than district heating systems.

In order to consider a city with district cooling potential without reviewing only
the most attractive sites from the data above, an indicative review is made of
the potential for Sydney, Australia as the site for a particular scheme.  An
alternative location to the base Netherlands site is necessary as the
Netherlands has minimal district cooling potential.

The all-hours average ambient temperature for Sydney is approximately 18oC,
The Central Business District (CBD) of Sydney is located on Sydney Harbour
which is highly valued for tourist and recreational use.  The prospect of a
large once through salt water cooling system withdrawing and discharging to
Sydney Harbour is limited because of these alternative uses.

There are alternative locations around Sydney with access to salt water
cooling however the district cooling reticulation system would need to be
extended.

For Sydney, as with most locations around Australia, cooling water
temperature rise would be expected to be limited to 2oC to reduce thermal
impact on the receiving waters (depending on the location a mixing zone may
be allowed but possibly not near to the main urban centres).
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7.5 Thermodynamic issues

A mathematical model of an absorption chiller was utilised to investigate the
thermodynamical properties of the Lithium Bromide system under various
conditions and in particular to differing grades of heat input.   The two figures,
Figure 7-5 and Figure 7-6, show the effects of cooling water temperature and
the temperature of the heat source supplied on the absorption chiller design.

In Figure 7-6, the mass flow of the refrigerant/absorbant pair is taken as a
proxy for the capital cost of the chiller plant.

Note also that the charts are presented on a theoretical basis without allowing
for secondary losses and hence actual plants have performance slightly
below that indicated.

Except for very cold cooling water temperatures (noting the application of the
plants at full load is weighted to the hotter months), the performance and the
cost fall off rapidly with lower grade heat supplied.

Figure 7-5 Absorption chiller - Variation of CoP with temperature
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Figure 7-6 Indication of chiller cost with temperature variation
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The two graphs show a marked drop off in performance at lower driving
temperatures and higher cooling water temperatures.   The best
performances are at the lowest cooling water temperature but as shown,
there is a larger risk of crystallisation occurring in the LiBr solution in this
condition.   There generally has to be a trade off between performance and
the risk of crystallisation.   This situation is the same with the specific mass
flow of working fluid (read: capital cost) per kW of work input, the best cost
parameters can be found at the low cooling temperatures and low steam
temperatures.   But again there has to be a trade off between the
performance and the crystallisation risk.

Typical available absorption chillers come in relatively small sizes with up to
6MWr of cooling power being the present commercial limit.   When comparing
this with a coefficient of performance at about 0.65 it can be seen that per
1MW of cooling effect, about 1.54MW of thermal energy is needed (heat), or
approximately 9.2MWth to drive a nominal 6MWr unit.  This is small compared
to the total thermal energy (approximately 930MWth) being mobilised in the
combined cycle plant under consideration.   More cooling power can be
obtained by using multiple chiller units in parallel.
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For this report a base case of 100MWr of cooling energy for the district
cooling is assumed.   Therefore it is necessary to run twenty x 5MW single
stage absorption chillers in parallel.   These absorption chillers are assumed
to run at a CoP of 0.65 and utilise a (saturated) steam supply of 95oC.   A
plant of this size could operate a large metropolitan hospital plus a number of
nearby high rise commercial buildings’ air conditioning systems in a climate
such as Sydney’s.

While Sydney has a higher average ambient temperature than the
Netherlands reference site, and a higher average cooling water temperature,
the Sydney location cooling system would be limited to a 2oC rise instead of a
7oC rise.   Hence thermodynamically the cooling water condition for Sydney
and Netherlands is similar.   Practically, though, the Sydney location would
need to pump a much higher (3.5x) cooling water volume than the
Netherlands location.

7.6 Variation in performance with conditions

Single effect absorption chillers are rated on a driving steam temperature of
approximately 120oC and a 5oC temperature difference.  As shown in Figure
7-6, adjustment should be made for the specific capital cost (cost per
effective cooling MWr) if low grade heat is used as the driving medium.

From IEA24, if 95oC driving heat with a 10oC temperature difference (eg hot
water) is applied the chiller capacity would be approximately 50% of the
nameplate capacity, viz specific capital cost of the chiller element would be
twice the value of a plant running at its nameplate rating.

Chillers specifically designed for hot water operation are becoming available
now.

CoP also decreases when the driving temperature falls below approximately
95oC although this factor is moderated if a colder cooling water temperature
is applied.  For example, lowering the cooling water by 4oC from the design
basis of the chiller, Figure 7-5 and Figure 7-6 indicate that a driving heat
approximately 10oC lower can achieve the same performance and capital
cost parameters.  Note that the chiller design may need to be specially
adjusted as the ratios of surface areas in absorber, desorber and condenser
are changed from the normal design basis.

As noted above, the combined cycle/district cooling case can use once
through salt water cooling in lieu of evaporative cooling and hence the lower
temperature may be assumed.  A consequence of the salt water cooling
assumption though is that the condenser and absorber tubes will need to be
upgraded to a higher grade (marine) material which will impact on the capital
cost.
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With this 95oC as a practical lower limit for the driving heat the only practical
sources of driving heat evident from either the combined cycle plant or the
CO2 removal plant (if applicable) are from steam turbine extraction steam and
(for small heat quantities) the HRSG exhaust gas remnant heat.  This is
because cheaper sources of energy - the steam condenser heat and the CO2

removal system cooling flows - are all at lower conditions than appear to be
practical in this application.

The main reasons why the operation of the plant varies from the all-hours
average conditions include:
¨ ambient temperature variation
¨ cooling water temperature variation
¨ load on the district cooling system (strongly correlated to ambient

temperature)

Clearly from Figure 7-5, the performance of the absorption chiller is strongly
non-linear with cooling water temperature (assuming driving temperature is
fixed).  Demand for cooling is at the maximum at high ambient temperatures
(which will be correlated to cooling water temperatures in general), and hence
consideration needs to be given to operating conditions for the cooling
system somewhat higher than the all-hours average temperatures that are
used to evaluate the base-loaded combined cycle plant.

For the system considered in this study, a centralised absorption cooling
system integrated with a once-through salt water cooled combined cycle is
used.   This system has a notable advantage over the benchmark cooling
systems which often use evaporative cooling through distributed systems.
These are generally exposed to higher cooling temperature conditions and
more variance to conditions over the cooling season.

7.7 Cost parameters

It is noted above that if lower grade driving heat is applied, the capital cost of
the facility greatly increases because of the significant de-rate of the chiller
unit.

If 95oC driving heat with a 5oC temperature difference (eg steam) is applied
then an approximate capital cost build-up is given in Table 7-1.  The data is
based on the IEA24 data with adjustments to suit integration into a large
industrial (combined cycle plant) site rather than a commercial building
location.  Bare chiller costs have been increased 20% to account for special
materials and designs needed for the salt-water cooling option although this
has not been costed in detail.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 6.DOC 7-12

Table 7-1 Estimated chiller system capital cost (adjusted for derate
to 95oC driving temperature)

Item Supply and install cost
$/kWr (USD)

Bare chiller 150
Primary chiller pumps 4
Incremental cooling water capacity 10
Mechanical installation and piping 60
Instrumentation and control 15
Electrical 13
Civil/structural 20

Subtotal 272
Project management 14
Engineering 27
EPC contingency 27

Total 340

This cost is approximately the same with colder cooling water available and
85oC heat used as noted above.

Water and chemicals costs are approximately 1 (US) cent / kWhr24.

For this plant incremental operating labour is taken as nil as the plants
operate unattended.  Parasitic electrical power for the chillers and the small
amount of additional cooling water (50MWth, or approximately 6000T/h of
cooling water required), or approximately 0.02 kWhe per kWhr.

As per the district heating case, pumps circulating the chilled water through
the distribution network are not included.

Maintenance costs of 2% per annum of the base capital cost is applied per
Table 3.1.

7.8 Benchmark costs

For multi-product systems, a value needs to be ascribed to the second
product (in this case the distributed chilled water), such that comparisons
may be made against the costs of the primary product (electricity) of the
plant.
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For this study the benchmark cooling cost concept applied, could be to
compare the costs against a distributed set of electricity operated vapour
compression chiller plants, or a centralised chiller plant distributing heat to a
district cooling network.  In this case if electric chillers were used an ice
storage system might be economical if the daily variance in electricity prices
were wide enough.   It might be expected that in Sydney an ice storage plant
would be of marginal benefit after accounting for the space required and
capital cost.

In making such a benchmark, additional factors must be taken into account:
¨ the benchmark electricity usage in the distributed, cooling effect only,

chiller plants will have a worse electricity load factor than the centralised
electricity plus cooling base load plant and the electricity to the distributed
chillers would need to utilise an electricity distribution network, and that
therefore the electricity would be more expensive in the benchmark case.

¨ the benchmark distributed system avoids a cooling distribution network (of
a central plant) but instead incurs use of an electricity distribution network,
which would be shared with general electricity supply to the area.

¨ distributed small chillers, with associated cooling systems and balance of
plant would likely have a higher unit capital cost (particularly after
considering the load factor effects) and a lower thermal efficiency than a
centralised plant.

For a non-distributed electric chiller based system in Sydney, the benchmark
cost would be expected to be approximately $38/MWhr (USD) based on IEA24

including capital, electricity ($60/MWh USD), operations and maintenance
and a 25% capacity factor.  This equates to $10.55/GJ of cooling effect.

For the purposes of this study the benchmark value of cooling effect applied
is:
¨ Low case US$5/GJ
¨ Medium case US$10/GJ
¨ High case US$15/GJ

For a climate such as Sydney’s, a load factor for the plant might be of the
order of 20-30%.
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8. Technology description - Desalination

8.1 Process description

Desalination is a process of extracting fresh potable water from low grade
water, in this case sea water.   This can be done by a number of different
techniques including reverse osmosis, mechanical vapour compression,
multiple effect distillation and multi-stage flash desalination.

8.1.1 Multi-stage flash desalination (MSF)

Among the proven desalination technologies, the multi-stage flash process
has proved to be the most simple, reliable, robust and commonly used sea
water system in large scale capacities to date.   Due to the advantages and
the accumulated experience gained in its operation the multi-stage flash
process dominates the market with units reaching daily outputs of distilled
water up to 46,000 m3 per day25.

The plant areas of a multi-stage flash desalination unit comprise of a brine
heater, heat recovery section and heat rejection section.  These are shown in
Figure 8-1

The plant contains a number of flash stages arranged in two separate groups,
the heat rejection section and the heat recovery section.  The number of
stages in the heat rejection section is nearly always either 2 or 3 but the
number of stages in the heat recovery section varies within a wide range,
normally from 10 to 5026.   Each stage in the plant consists of a brine pool,
vapour space, tube bundle and a tray for receiving the distillate.  See Figure
8-2.

Figure 8-1 Multi-stage flash distillation concept with recycle
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The process may be described as follows:

The sea water feed to the plant enters the tube bundles of the rejection
stages where it used to condense the distillate in the final stages.   After
leaving the heat rejection stages the seawater feed is split into two.   One part
is rejected which is passed back to the sea and the rest is added to the last
stage brine which is allowed to recirculate back into the heat recovery stages.
A small portion of the last-stage brine is blown down to carry away the
accumulated dissolved salts and the balance is recirculated.

The warm brine is recycled to reduce heat energy being wasted.   It is not
possible to recycle all of the warm brine as the salt concentrations would
become too large.   The fraction of recirculated brine and sea water feed has
to be varied to maintain a balance with the concentration of salt in the brine
and thermal efficiency of the plant.

This mixture of recirculated and raw brine is pumped to the heat recovery
stages where it is progressively heated in each stage by the condensation of
vapour on the distillate side of the stage.  The final heating of the brine, and
the point of addition of heat into the cycle, occurs in the brine heater by a
heat exchange occurring from the condensation of low pressure steam or
other heat source.  It then flows into the first stage of the heat recovery
section through an orifice and weir system which control the flow and the
flashing characteristics causing some of it to flash to vapour in a controlled
manner with each pressure reduction.

The flashed vapour passes through a mesh which removes any entrained
droplets of brine and then enters the vapour space where it condenses
against the tube bundles noted above.  The resulting condensate (referred to
as distillate) is then collected in a tray where it then proceeds into the next
stage and next distillate tray.

Figure 8-2 Multiple Stage Flash Distillation concept
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The concentrated brine flows through each succeeding stage releasing
flashed vapour due to the pressure drops occurring from stage to stage.  The
distillate formed in each stage also partially flashes off when flowing from
stage to stage due to the stage pressure drops and condenses on the same
tube banks in the vapour space.  This continues through all stages where the
distillate is collected and pumped out of the system.

The steam used for the final heating in the multi-stage flash desalinating
process is condensed and is returned to the plant steam supply system.  If a
condensate polishing system is provided a small portion of the desalination
plant product is sometimes used as the make-up water system for the steam
cycle.

8.1.2 Multiple effects desalination (MED)

The trend in the desalination market may tend towards low temperature
multiple effects plants and reverse osmosis plants rather than MSF plants.

Multiple effects plants tend to have a better steam economy than the multi-
stage flash plants.   With the cost of energy being the largest single cost item
in the process of distilling water, this may lead to multiple effects plants
becoming favoured in the future.  Multiple effects desalinating units capable
of 20,000 m3 per day in a single unit are presently available on the market
with larger capacities available by multiple unit installations.

Like the multi-stage flash desalination units the multiple effects desalination
units comprise of a brine heater, heat recovery section and heat rejection
section.  These are shown in Figure 8-3 and Figure 8-4.  The MED process is
more complicated than MSF and there are number of different alternatives
that can be chosen, for example forward feed or parallel feed of the sea water
entering the cycle.  The cycle chosen in this report is a mixture of forward feed
and parallel feed without preheating.  The parameters would not be greatly
changed under minor variations from this arrangement.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 7.DOC 8-4

In each effect the sea water feed is distributed through a spray nozzle system
where it flows in thin films down each bank of tubes with part of the flow
flashing off as it absorb the latent heat released by vapour (from the
preceding stage) condensing inside the tubes.  The remaining concentrated
feed which hasn’t flashed off is pumped to the next group of effects which are
operating at higher temperatures and pressures.  There the procedure is
repeated.

The remaining feed from the hottest effects group is then the most
concentrated brine and then proceeds to leave the unit.  Because it is leaving
at a higher pressure than the other stages the brine is given the opportunity to
flash off so that its heat can be recovered.  After cooling it is returned to the
sea.  The steam enters into the tubes at the hottest effect and there it
condenses giving up its heat to the brine spraying over the tubes.  The brine
picking up the heat will then partly evaporate which then enters the next effect
repeating the cycle.  The steam and vapour which condense in the tubes
being cooled by the brine are collected in series and finally leave the unit.

Figure 8-3 Multiple Effect Distillation
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• The black sloping lines represent the droplet separator between effects.

Figure 8-4 Multiple Effect Distillation schematic
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The distillate (condensed vapour), like the brine, also partially flashes off in
each succeeding lower pressure stage and thus needs to be re-condensed
and the heat recovered.  The vapour from the last effect is condensed by a
seawater cooled cooler in the heat rejection section.

8.2 Alternatives

There are many studies being currently undertaken to increase the
performance of desalinating plants and to reduce the costs of capital and
maintenance spending.   Real prospects still exist for further improvements
to lower the cost of distilled water and to increase the reliability of
commercially available desalination units.

At the moment desalination is a process which is only economically viable in
situations where countries can not depend upon natural rainfall or ground
water to satisfy their potable water demands.   Improvements are continuing
and there may soon be room for the desalinating processes to complement
rain/ground water.

There are number of ongoing technical concerns in the operation of
desalination plants namely that of corrosion and scaling due to the salt
concentrations in the brine.   Corrosion can be overcome by using anti-
corrosive materials such as stainless steel or titanium and scaling can be
reduced by adding chemical additives to the water and keeping the top brine
temperature as low as possible.   Another concern in the design of
desalinating units is the space (footprint) limitations

8.3 Siting issues

Desalination plants for large scale desalination tend to be located on the
coast desalinating sea water (as opposed to desalination of groundwater
which is often done at a smaller scale for inland centres, industrial and mining
operations).

An indication of siting potential for desalination plants might be provided by
considering the amount of water consumed as a proportion of the available
resource.  This is shown in Figure 8-5.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 7.DOC 8-6

Figure 8-5 Water usage as a proportion of available natural water
resources
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Within countries however there may be areas which are more in need of fresh
water resources than the average however.

Consider the City of Adelaide in Australia for example, which could be a
significant candidate for a desalination plant to supplement its natural
resources in the near future.  Yet Australia is shown as using only a small
percentage of the available natural water.

Adelaide presently draws water from a river system which has a relatively high
salinity due to the size of the catchment area and the large irrigation systems
utilising river water upstream of the city.

Many of the middle eastern countries shown as using very high proportions of
the natural water resources already have significant desalination plants in
operation, in general fuelled from the region’s low cost oil and gas resources.

For the purposes of this study, a prospective desalination plant in Adelaide is
reviewed, this being a centre that is perhaps in the mid-range of desalination
potential.
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8.4 Thermodynamic issues

8.4.1 Multi-stage Flash
A mathematical model of a multi-stage flash desalinating plant was used to
determine the thermodynamic performance of the cycle under various
conditions.   The graphs in Figure 8-6 and Figure 8-7 show the effects on the
performance of the plant due to the temperature of the heat source supplied
and the number of stages.  In Figure 8-7 the surface area of the stage heat
exchangers is used as a proxy for capital cost impacts of plant design
changes.

Figure 8-6 Impact of peak temperature and number of stages on MSF
specific heat consumption
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Figure 8-7 Impact of peak temperature and number of stages on MSF
plant capital cost parameter

250

270

290

310

330

350

370

390

410

430

70 80 90 100 110 120

Temperature of heat supplied to mutli-stage flash desalinating unit (oC)

S
u

rf
ac

e 
ar

ea
 (

in
 m

2  p
er

 k
g

/s
)

10

15

20

25

Number of 
stages (N)

From the graphs it can be seen that the gain ratio is dependant on the
number of stages and the temperature of the heat supplied to the process.
An increase in both of these gives an increase in the gain ratio.   But as can
be seen the surface area, and thus the capital cost, required per kg/s of
distillate increases with the number of stages and also if a higher driving
temperature can be supplied then the area required decreases.

The number of stages is subject to diminishing returns as the number of
stages is increased for constant driving temperature.

Both the surface area (capital cost) and gain are relatively strongly dependent
on the driving temperature (or more accurately the temperature difference
between the driving heat source and the inlet cold feed water).

8.4.2 Multiple Effect desalination
Modelling of an MED plant design is more complicated than an MSF plant,
however similar data can be generated using literature data to give a
representation of the performance of multiple effects plants due to the effects
of the temperature of the heat source supplied and the number of stages.

This is shown in Figure 8-8 and Figure 8-9.
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Figure 8-8 Impact of peak temperature and number of stages on MED
specific heat consumption
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Figure 8-9 Impact of peak temperature and number of stages on MED
plant capital cost parameter
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Unlike the MSF units, the MED units have an increased gain ratio with a lower
steam temperature supplied.  The MED plants still show an increase in
performance with a higher number of stages.   The MED units also require
increased surface area per kg/s of distillate relative to MSF and require more
surface area the more stages that are used.

8.5 Desalination processes - A technical comparison

A comparison of the typical parameters of MSF and MED plants based on
approximately 24 ML/day MSF performance is shown in Table 8-1.

24 ML/day would supply a town of approximately 50,000 people (with a water
consumption of 480l/day/person).  Because both technologies are relatively
modular, larger sized plants are approximately proportional.

Table 8-1 Desalination system comparison
MSF MED

Distillate per unit (t/h) 1000 208
Gain ratio (dist/steam) 8 10
Stages/effects per unit 24 12
Steam supply temp. (oC) 100 80
No. of units 1 5
Total distillate (t/h) 1000 1040

It can be seen that the energy requirements for the MED plant, per unit of
product, are significantly lower than for the MSF plant, and at a lower grade.

The steam consumption is the ratio of the distillate output to the heat needed.
¨ In the case of the MSF plant there is a ratio of 1 to 8 therefore needing 125

tonne/hour of steam at 100oC saturation temperature.  This is an energy
requirement of about 78MWth to produce 1000 tonne/hour of distillate.

¨ In the case of the MED plant there is a ratio of 1 to 10 with 104 tonne/hour
required at 80oC saturation temperature. This is an energy requirement of
about 67MWth to produce 1040 tonne/hour of distillate.

The main running cost for a desalination process is the steam energy
consumption and because of this it might be anticipated that the multiple
effect technology, which the literature suggests may be overcoming the
previously technical issues which led to the dominance of the MSF plants in
the low energy cost middle east region, may be a suitable choice where
energy costs are higher.

The technology changes that allow the MED processes to run with
satisfactory availability and chemicals costs are principally directed at
reducing scale and corrosion.  The scale is generally carbonate scale whose
solubility depends on temperature and can be removed with acid cleaning.
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Modern low temperature MED plants operate with a top brine temperature of
only 60-70oC, and design changes including falling film evaporation instead
of submerged tubes have assisted to reduce the incidence and impacts of
scaling and corrosion.

Beraud-Sudreau et al27 suggests a top brine temperature of 63oC, and that
the scaling rate at 63oC is approximately four times the rate at 46oC.  Anti-
scale chemicals are added at approximately 3-4 ppm, anti-foam added at
approximately 0.1 ppm (site dependent).  An acid clean (using hydrochloric
acid) is expected to be necessary every six months and require 12 hours.
Acid utilisation of < 1 T per 1000T/day of plant capacity is expected.

8.6 Variation in performance with conditions

For the desalination plant, the plant will be predominantly influenced by the
incoming sea water temperature.

8.7 Cost parameters

Estimated cost parameters based on a 24ML/day plant are given in Table 8-
2.

Table 8-2 Estimated desalination system (24ML/d) capital cost
Item Supply and install cost

kUSD
Desalination system 45,000
Project management 2250
Engineering 4500
EPC contingency 4500

Total 56250

Additionally, because of the very high availability and capacity factor
expected of the desalination plant, it is anticipated that the combined cycle
plant would be designed around the extraction of steam to the desalination
plant, with capital cost savings in the combined cycle plant of a smaller steam
turbine, generator, generator transformer and associated balance of plant.
The anticipated cost reduction (on an EPC basis) is $29.2M, USD.

Chemicals costs are small.  These are estimated at 0.05 USD/T based on
Kronenberg et al28.

This reference also indicates a 94-96% availability factor is achievable and a
parasitic power consumption of 1.8 kWh/T.   The parasitic power is principally
for pumping the brine.

For this plant incremental operating labour is taken as one additional person
on shift (=4.5 equivalent full time persons based on 1960h/annum).
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As per the district heating and cooling cases, pumps transmitting the distilled
water through the distribution network are not included.

Maintenance costs of 2% per annum of the base capital cost is applied per
Table 3.1.

8.8 Benchmark costs

For multi-product systems, a value needs to be ascribed to the second
product (in this case the potable water), such that comparisons may be made
against the costs of the primary product (electricity) of the plant.

For this study the benchmark potable water cost concept applied, could be to
compare the costs against alternative means of providing water.

In the case of potable water it might be assumed that the need for a
desalination system has grown with contamination or overuse of the existing
water supply network or that additional capacity is required to supplement the
existing network as the usage requirement grows and reaches the limit of
naturally sourced water.  All of these matters are relevant in various
proportions for the Adelaide case for example.

The benchmark however is likely to be the establishment of new dams and
reservoirs and long distance pipelines from other catchments, or thermal
desalination such as in this case.

A cost of new dams and pipework is obviously extremely case specific and
not of relevance to a study such as this.  If thermal desalination were applied
then in all likelihood the plant would be similar to the plants discussed herein
and thus would not be an appropriate benchmark value.

Since the new water supply concept, whatever it is, would be supplemental to
an established system in the case of a city such as Adelaide, the cost of
water to the consumers would also possibly be somewhat buffered to prevent
rate shock despite the lack of pure economic efficiency in such a distortion.

In practice it is possible that consumers would not see the pure cost of the
incremental water supply, at least initially, and that the value of water would
be compared to the cost of the existing water supply instead.
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For the purposes of this study three cases are evaluated for the value of
potable water:
¨ USD0.5/tonne - which is the order of cost for water in many Australian

cities, including the existing Adelaide town water cost (albeit this is a
delivered cost)

¨ USD1.0/tonne, - which is the approximate cost of water from alternative
processes such as large scale reverse osmosis plants, notwithstanding
that such a plant is intrinsically linked to the cost of electricity, and

¨ USD1.5/tonne

It is anticipated that this range should span the range of values that might be
put forward for a location such as Adelaide.
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9. Case A - Combined cycle plant

9.1 Technical performance

As noted in Section 4 the combined cycle power plant chosen is
representative of the largest and most efficient plant that might be built within
the next few years.   The main technical parameters for this plant are
summarised in Table 9-1 below as per the base case conditions chosen for
this report.

Table 9-1 Technical performance (undegraded).  Combined Cycle.
Reference
condition

Gross plant
output

Net plant
output

Net plant
heat rate

Efficiency Condenser
pressure

Cooling
water

supply
Ambient oC MW MW kJ/kWh % bar oC

9 504 492 6243 (LHV)
6929 (HHV)

57.7% (LHV)
52.0% (HHV)

0.03 12

15 495 483 6232 (LHV)
6917 (HHV)

57.8% (LHV)
52.0% (HHV)

0.03 see below

Fuel (natural gas) to the turbine is 63.8 tonnes/hour with an input of 854 MWf

LHV (9oC) and 836 MWf  LHV (15oC) of energy.

The performances given in Table 9-1 are on an expected, non-degraded
basis.

As noted in the district cooling and desalination cases (Sections 13 and 15),
the same condenser pressure has been selected in the 15oC case as the 9oC
ambient case.  This is because for the Sydney and Adelaide locations
considered for these technologies a restriction would be anticipated on
cooling water temperature rise of 2oC versus 7oC for the base case, balancing
the higher sea-water temperature.

Exhaust gas parameters are calculated as shown Table 9-2 and Table 9-3.

Table 9-2 Exhaust gas parameters
Ambient

oC
Exhaust gas flow

T/h
Gas turbine
exhaust, oC

HRSG exhaust
oC

9 2,550 626 70
15 2,500 631 69

Table 9-3 Exhaust gas composition
Component %m %v

Nitrogen 74.4 75.1
Carbon dioxide 6.8 4.4
Water 5.7 8.9
Oxygen 13.1 11.6
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Note that the water dew point in the exhaust stream is approximately 43oC.
Any component of the HRSG, downstream plant or stack operating close to
the dew point will require protection against corrosion.  This includes the
stack water heater stages immediately after the condenser hot well, which
has an external surface temperature of nominally 30oC.

A schematic of the combined cycle plant arrangement is shown in Figure 9.1.
For a more detailed description, refer to Section 4.
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Figure 9.1 Combined cycle plant schematic
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9.2 Emissions

Emissions from modern gas turbines, firing natural gas,  operating with Dry
Low Emissions combustion technology have an expected emission level of
NOx of 15 ppmvd (30 mg/Nm3).

Carbon dioxide emissions are 170 T/h.

Table 9-4 Combined cycle plant - Specific emissions
Case NOx emissions

kg/MWh
CO2 emissions

kg/MWh
Combined cycle 0.12 352

The plant also produces quantities of carbon monoxide and unburnt
hydrocarbons which are minor relative to levels that would normally be
considered significant.

9.3 Capital cost

An estimate of the capital cost of the combined cycle plant is given in Table
9-5.

Table 9-5 Combined cycle plant capital cost estimate
Item kUSD

SUPPLY AND INSTALL EPC COST  $197,770
INDIRECTS
Owners Engineering 3%  $5,933
Owners Contingency 3%  $5,933
Spares 2%  $3,955
Startups 2%  $3,955
Insurance etc. 1%  $1,978
SUBTOTAL INDIRECTS  $21,755
FINANCE COSTS
IPP basis (non-recourse basis incl approvals, pre-engineering,
financial instruments, due diligence, legals etc)

6%  $13,171

TOTAL CAPITAL COSTS  $232,696

Note that the Supply and Install EPC costs include allowances for
Contractor’s contingency (10%), Contractor’s engineering and project
management and generic interconnect costs to nearby electricity and fuel
gas transmission networks.  Costs assume a competitive supply market.

Table 9-5 amounts do not include Interest During Construction (IDC) amounts
which are considered separately in the analysis.
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9.4 Operations and maintenance costs

Expected operations and maintenance costs, averaging the major plant
overhaul amounts (for example the gas turbine requires Combustion
Inspection, Hot Gas Path Inspection and Major Overhaul on a cycle of
approximately 48,000 operating hours, or approximately 6 years), into an
average operating year are as follows.

Expected average costs are given in Table 9-6 and Table 9-7.

Table 9-6 Fixed operating cost estimate for combined cycle plant
Item USD/a

Operating labour 22.5 equivalent  $1,125,000
Insurance, fees etc 2.00%  $3,955,400
Fixed maintenance 2.00%  $3,955,400
Land (rent, rates) 0.00%  $-
Outside services (accounting,
legal, engineering)

2.00%  $3,955,400

Other fixed O&M 0.00%  $-
Total fixed O&M cost $12,991,200

Table 9-7 Variable operating and maintenance cost estimate for
combined cycle plant

VARIABLE O&M COSTS CC only
$/MWh (net)

Variable maintenance GT's 0.83
Variable maintenance ST 0.20
Variable maintenance (boilers
and BOP)

0.00

Consumable spares 0.70
Chemicals, oils, other
consummables

0.60

Variable O&M re multi-product
system

0.00

Variable O&M re CO2 removal
system

0.00

Total variable O&M cost 2.33
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9.5 Life cycle and unit costs

The estimated long run marginal cost for the combined cycle plant
configuration is given in Table 9-8.

Table 9-8 Estimated long run marginal cost for combined cycle plant
Element Ref 9oC

USD/MWh
Ref 15oC

USD/MWh
Fuel $14.07 $14.04
Capital cost $6.75 $6.88
IDC $0.27 $0.27
Fixed O&M $3.43 $3.50
Water $0.01 $0.01
Variable O&M $2.33 $2.33
Long run marginal cost $26.86 $27.03
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10. Case B - Combined cycle + amine absorption

10.1 Technical performance

Adjusting the combined cycle plant performance by the impact of the base
case CO2 removal system, results in the estimated parameters shown in
Table 10-1

Table 10-1 Technical performance.  Combined cycle + amine
absorption

Reference
condition

Gross plant
output

Net plant
output

Net plant
heat rate

Efficiency Condenser
pressure

Cooling
water

supply
Ambient oC MW MW kJ/kWh % bar oC

9 453 409 7513 (LHV)
 8339 (HHV)

47.9% (LHV)
43.2% (HHV)

0.03 12

15 444 400  7530 (LHV)
 8358 (HHV)

47.8% (LHV)
43.1% (HHV)

0.03 12

A schematic of the combined cycle plant with the CO2 removal process is
shown in Figure 10.1.  The combined cycle plant is described in more detail
in Section 4 and the CO2 removal process is described in more detail in
Section 5.
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Figure 10.1 Combined cycle + CO2 removal schematic
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10.2 Emissions

Residual emissions of NOx are provided in Section 5 and are shown in  Table
10-2.

Table 10-2 Combined cycle with CO2 removal plant - Specific
emissions

Case NOx emissions
kg/MWh

CO2 emissions
kg/MWh

Combined cycle 0.12 352
CC + CO2 removal 0.15 40

Amine slip from the CO2 removal plant is estimated to be 1.23 kg/h, or 0.003
kg/MWh and is not considered significant.

10.3 Capital cost

Table 10-3 shows the comparison of the capital cost estimate of the
combined cycle only against the combined cycle and CO2 removal.

Table 10-3 Capital cost comparison (excluding IDC)
Item Case A

CC only

kUSD

Case B
CC + CO2

removal
kUSD

SUBTOTAL SUPPLY AND
INSTALL EPC COST

 $197,770  $357,670

INDIRECTS
Owners Engineering 3%  $5,933  $10,730
Owners Contingency 3%  $5,933  $10,730
Spares 2%  $3,955  $7,153
Startups 2%  $3,955  $7,153
Insurance etc. 1%  $1,978  $3,577
SUBTOTAL INDIRECTS  $21,755 $39,343.00
FINANCE COSTS
IPP non-recourse basis incl
approvals, pre-engineering,
financial instruments, due
diligence, legals etc)

6%  $13,171  $23,821

TOTAL CAPITAL COSTS  $232,696  $420,835

10.4 Operations and maintenance costs

Expected average costs are given in Table 10-4 and
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Table 10-5

Table 10-4 Fixed operating cost estimate for combined cycle plant
and CO2 removal

Item CC plant

USD/a

CC + CO2

removal
USD/a

Operating labour  $1,125,000 $2,225,000
Insurance, fees etc  $3,955,400  $7,153,400
Fixed maintenance  $3,955,400  $7,153,400
Land (rent, rates)  $-  $-
Outside services (accounting,
legal, engineering)

 $3,955,400  $7,153,400

Other fixed O&M  $-  $-
Total fixed O&M cost $12,991,200 $23,685,200

Table 10-5 Variable operating and maintenance cost estimate for
combined cycle plant and CO2 removal systems

VARIABLE O&M COSTS CC only

$/MWh (net)

CC + CO2

removal
$/MWh (net)

Variable maintenance GT's 0.83 0.83
Variable maintenance ST 0.20 0.20
Variable maintenance (boilers
and BOP)

0.00 0.00

Consumable spares 0.70 0.70
Chemicals, oils, other
consummables

0.60 0.60

Variable O&M re multi-product
system

0.00 0.00

Variable O&M re CO2 removal
system

0.00 0.73

Total variable O&M cost 2.33 3.06
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10.5 Life cycle and unit costs

The estimated long run marginal cost for the combined cycle plant and
combined cycle plant with CO2 removal is shown in Table 10-6.

Table 10-6 Estimated long run marginal cost for combined cycle
plant

Element CC plant

USD/MWh

CC plant

USD/MWh

CC + CO2
removal

USD/MWh

CC + CO2
removal

USD/MWh
Ref 9oC Ref 15oC

Fuel $14.07 $16.93 $14.04 $16.97
Capital cost $6.75 $14.69 $6.88 $15.04
IDC $0.27 $0.59 $0.27 $0.60
Fixed O&M $3.43 $7.53 $3.50 $7.71
Water $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06
Long run marginal cost $26.86 $42.81 $27.03 $43.39
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11. Case C - Combined cycle + district heating

11.1 Technical performance

For the district heating a base case has been selected utilising a 35oC
temperature rise from 40oC to 75oC, with an overall peak demand of 100MW
of thermal energy and a 50% capacity factor.

For low grade thermal extraction from this cycle, the lowest (thermal) cost
point of extraction, is the remnant stack heat which can provide 15MWth at nil
performance penalty (impact of gas turbine exhaust additional pressure is
small).  The maximum source temperature is  approximately 105oC and
therefore the heating component is also limited to a peak temperature below
this.

The presence of stack remnant heat extraction would have the following
additional deleterious impacts:
¨ due to the small amount of remnant heat in the HRSG exhaust, the

temperatures are close to that required of the district heating plant and the
large exhaust gas volume requires large heat exchanger sections.   The
heat transfer surface for the district heating system in the stack is quite
expensive.

¨ the heat transfer surface in the exhaust stream will impose an additional
(second order) reduction in gas turbine performance due to the back
pressure imposed on the turbine.

It is also worth noting that the stack temperature would be reduced to
approximately 50oC, which is only approximately 6oC above the water dew
point.  If the fuel gas contained sulphur levels above those specified, the acid
dew point would be a potential problem in this configuration.

Unless the heat to be extracted is very large (ie a high proportion of the
energy rejected to the cooling system at the condenser), it is inefficient to use
the condenser cooling water for the additional heating as it would be
necessary to raise the condenser pressure to provide sufficient temperature
differentials to transfer heat to the district heating system, and this would
incur a very large performance penalty on the steam turbine output.

For heat requirements only a small proportion of the condenser heat rejection
amounts it is more effective to source heat from a steam turbine extraction.
Maximum efficiency is obtained when the extraction steam is only a minimum
amount (a practical terminal temperature differential) above the maximum
temperature requirement of the process stream.
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Since the process stream peak temperature has been selected as 75oC, a
steam turbine extraction point slightly above this amount should be selected.
For this steam turbine configuration, a saturation temperature of 85oC can be
extracted at a cost of 0.137MWe per MW thermal from the low pressure region
of the steam turbine (assuming a return temperature of 40oC).

In this case study 100MW thermal is assumed for the district heating system.
Since 15MWth is available at no performance loss this then requires 85MWth to
be extracted from the LP steam turbine.   Therefore the penalty on the
combined cycle will be 85 x 0.137 = 11.6MWe lost net output, or an average
of 0.116 MWe/MWth.

Note that incremental district heating sizing beyond the initial 15MWth
obtained at no energy penalty from the stack residual heat is 0.137
MWe/MWth.

Assuming a 100MW demand with a 35oC temperature rise, in the district
heating, a flow of 680kg/s (2450m3/hour) for the heating medium is possible.
Adjusting the combined cycle plant performance by the impact of the base
case CO2 removal system, results in the estimated parameters shown in
Table 11-1

Table 11-1 Technical performance, combined cycle + district
heating.  Reference condition 9oC

Case Gross plant
output

Net plant
output

Net plant
heat rate

Efficiency Condenser
pressure

Cooling
water

supply
MW MW kJ/kWh % bar oC

CC only 504 492 6243 (LHV)
6929 (HHV)

57.7% (LHV)
52.0% (HHV)

0.03 12

CC +
100MWth

district
heating

498 486 6326 (LHV)
7021 (HHV)

56.9% (LHV)
51.3% (HHV)

0.03 12

A process schematic for the combined cycle plant with the district heating
arrangement is shown in Figure 11.1.  A more detailed description of the
combined cycle plant is provided in Section 4, and of the district heating
arrangement in Section 6.
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Figure 11.1 Combined cycle plus DH schematic
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11.2 Emissions

Table 11-2 Combined cycle with district heating - Specific emissions
Case NOx emissions

kg/MWh
CO2 emissions

kg/MWh
Combined cycle 0.12 352
CC + DH 0.12 356

No allowance is included for the amount of emissions that would be
generated in the benchmark case from the system that raised the heating in
the absence of the combined cycle plant.

11.3 Capital cost

The capital cost impact of the district heating plant is estimated at $3,000k
USD (EPC basis).

The incremental capital cost is primarily the additional HRSG surface area
which is relatively expensive because of the large size of the boiler and the
small terminal temperature differences selected.

Table 11-3 shows the comparison of the capital cost estimate of the
combined cycle only against the combined cycle and district heating.

Table 11-3 Capital cost comparison (excluding IDC)
Item Case A

CC only
kUSD

Case C
CC + DH

kUSD
SUBTOTAL SUPPLY AND
INSTALL EPC COST

 $197,770 $200,770

INDIRECTS
Owners Engineering 3%  $5,933  $6,023
Owners Contingency 3%  $5,933  $6,023
Spares 2%  $3,955  $4,015
Startups 2%  $3,955  $4,015
Insurance etc. 1%  $1,978  $2,008
SUBTOTAL INDIRECTS  $21,755  $22,085
FINANCE COSTS
IPP non-recourse basis incl
approvals, pre-engineering,
financial instruments, due
diligence, legals etc)

6%  $13,171  $13,371

TOTAL CAPITAL COSTS  $232,696  $236,226
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11.4 Operations and maintenance costs

Expected operating and maintenance costs are insignificant.  In particular no
additional operations manning is considered necessary from the base
combined cycle arrangement.

Expected average costs are given in Table 11-4 and Table 11-5.

Table 11-4 Fixed operating cost estimate for combined cycle plant
and 100MWth district heating

Item CC plant
USD/a

CC + DH
USD/a

Operating labour  $1,125,000 $1,125,000
Insurance, fees etc  $3,955,400  $4,015,400
Fixed maintenance  $3,955,400  $4,015,400
Land (rent, rates)  $-  $-
Outside services (accounting,
legal, engineering)

 $3,955,400  $4,015,400

Other fixed O&M  $-  $-
Total fixed O&M cost $12,991,200 $13,171,200

Table 11-5 Variable operating and maintenance cost estimate for
combined cycle plant and 100MWth district heating systems

VARIABLE O&M COSTS CC only
$/MWh (net)

CC + DH
$/MWh (net)

Variable maintenance GT's 0.83 0.83
Variable maintenance ST 0.20 0.20
Variable maintenance (boilers
and BOP)

0.00 0.00

Consumable spares 0.70 0.70
Chemicals, oils, other
consummables

0.60 0.60

Variable O&M re multi-product
system

0.00 0.00

Variable O&M re CO2 removal
system

0.00 0.00

Total variable O&M cost 2.33 2.33
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11.5 Life cycle and unit costs

The estimated long run marginal cost for the combined cycle plant and
combined cycle plant with district heating is shown in Table 11-6

Table 11-6 Estimated long run marginal cost for combined cycle
plant

Element CC plant
USD/MWh

CC + DH
USD/MWh

Fuel $14.07 $14.25
Capital cost $6.75 $6.94
IDC $0.27 $0.28
Fixed O&M $3.43 $3.53
Water $0.01 $0.01
Variable O&M $2.33 $2.33
Long run marginal cost $26.86 $27.34
Less multi-product rebate
Low:Med:High

$0.00 $0.76 $1.52

Total LRMC $26.86 $27.34 $26.58 $25.82

The calculated break-even point for district heating (if the value of district
heating is above the break-even point the inclusion of the district heating
scheme will reduce the long run marginal cost of the electricity output), is
$1.26/GJ.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 8P.DOC 12-1

12. Case D - Combined cycle + district heating + CO2 absorption

12.1 Technical performance

Incorporating both CO2 absorption and district heating into the combined
cycle configuration provides the opportunity for synergies between the multi-
product system design and the CO2 absorption process.

The performances given in Table 12-1 are on an expected , non-degraded
basis.
Table 12-1 Technical Performance, combined cycle + district
heating + amine absorption.  Reference condition 9oC

Case Gross
plant

output
MW

Net plant
output

MW

Net plant
heat rate
kJ/kWh

Efficiency
%

Condenser
pressure

bar

Cooling
water

supply
oC

CC only 504 492 6243 (LHV)
6929 (HHV)

57.7% (LHV)
52.0% (HHV)

0.03 12

CC +
100MWth DH

+ Amine

451 407 7559 (LHV)
8390 (HHV)

47.6% (LHV)
42.9% (HHV)

0.03 12

The CO2 absorption process has heat available from the following locations
shown in Table 12-2.

Table 12-2 Cooling water loads from CO2 removal processes
Exchanger Heat

Duty
MWth

Process
Temperature

oC

Water Flow
Rate
T/hr

inlet Outlet
Absorber Overhead DCC 29.8 40.0 25.0 3,645
Absorber Inlet DCC 34.9 45.0 25.0 4,273
CO2 Regenerator Condenser 69.7 93.3 40.0 8,539
Lean Amine Cooler 69.2 67.0 40.0 8,479

The absorber DCC can be displaced if the flue gas can be otherwise cooled
(ie by district heat extraction).   District heating heat removal from the HRSG
exhaust can provide approximately 15MWth and reduce the HRSG exhaust
temperature to approximately 50oC.  The additional cooling of the exhaust
gas to 40oC would need to be provided by a smaller DCC or indirect cooling
using cooling water.

The heat that is extracted from the steam turbine in the district heating only
case to bring the DH stream up to the selected 75oC can instead be provided
from the CO2 Regenerator Condenser.
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As seen from Table 12-2 there is 69.7MW of thermal energy available in the
CO2 regenerator condenser.   Because the return temperature of the district
heating is 40oC this will not enable all of the thermal heat to be used as the
CO2 can only be cooled to a minimum of about 50oC.   This will allow about
55MW of thermal energy to be used for the district heating.   The additional
cooling of the CO2 to 40oC would need to be provided by a smaller DCC or
indirect cooling using cooling water.

Figure 12.1 shows the impact of reducing the HRSG exhaust temperature
towards 40oC on the amount of heat extracted and the potential DH outlet
temperature (which would then be supplemented via the CO2 Regenerator
Condenser for example).  Because the stack temperature approaches the
nominated DH return temperature however there is a significant capital cost
impact as shown in Figure 12.2 (terminal temperature difference approaches
zero).

Figure 12.1 Effect of additional heat extraction to district heat from
the HRSG exhaust
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Figure 12.2 Impact of extra DH extraction at the HRSG exhaust (EPC
basis)
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There is still a need for extra thermal energy which cannot be obtained
without performance penalty from the remanent stack heat or the CO2

Regenerator Condenser.   Therefore, as in Section 11 the process stream
peak temperature has been selected as 75oC and a steam turbine extraction
point slightly above this amount would be selected.   For this steam turbine
configuration, a saturation temperature of 85oC can be extracted at a cost of
0.137MWe per MW thermal from the low pressure region of the steam turbine
(assuming a return temperature of 40oC).

As in Section 11, 100MW of thermal energy is needed for the district heating
system.   15MWth is available at no performance loss from the remnant stack
heat and 55MWth from the CO2 Regenerator Condenser which means
30MWth needs to be extracted from the LP steam turbine.   Therefore the
penalty on the combined cycle will be 30 x 0.137 = 4.11MWe lost net output,
or an average of 0.041MWe/MWth.

A schematic of the resulting arrangement is shown in Figure 12-3.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 8P.DOC 12-4

Figure 12.3 Combined cycle + DH + CO2 removal schematic
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12.2 Emissions

Table 12-3 Combined cycle with district heating and CO2 removal -
Specific emissions

Case NOx emissions
kg/MWh

CO2 emissions
kg/MWh

Combined cycle 0.12 352
CC + DH 0.12 356
CC + DH + CO2

removal
0.15 40

No allowance is included for the amount of emissions that would be
generated in the benchmark case from the system that raised the heating in
the absence of the combined cycle plant.

12.3 Capital cost

Capital cost impacts are anticipated to be an extra $7,500k (EPC basis) for
the DH HRSG surface as the additional systems beyond the extra surface is
only of a balance of plant nature.  The CO2 Regenerator Condenser has
approximately the same surface area requirements albeit there would be
more complex plumbing on the tube side.

A capital cost saving to delete the DCC cooler is credited ($14M EPC basis).

No capital cost allowance is provided for a small extraction from the steam
turbine to alternatively supply the heat taken from the CO2 Regenerator
Condenser in the event that the CO2 absorber is down while the combined
cycle plant is operating and district heating is required.

Table 12-4 shows the comparison of the estimated capital cost for Cases A to
D.
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Table 12-4 Capital cost comparison (excluding IDC)
Item Case A

CC only

kUSD

Case B
CC + CO2

kUSD

Case C
CC + DH

kUSD

Case D
CC + CO2+

DH
kUSD

SUBTOTAL SUPPLY AND INSTALL
EPC COST

$197,770 $357,670 $200,770 $351,170

INDIRECTS
Owners Engineering 3%  $5,933  $10,730  $6,023  $10,535
Owners Contingency 3%  $5,933  $10,730  $6,023  $10,535
Spares 2%  $3,955  $7,153  $4,015  $7,023
Startups 2%  $3,955  $7,153  $4,015  $7,023
Insurance etc. 1%  $1,978  $3,577  $2,008  $3,512
SUBTOTAL INDIRECTS  $21,755 $39,343  $22,085 $38,628
FINANCE COSTS
IPP non-recourse basis incl approvals,
pre-engineering, financial instruments,
due diligence, legals etc)

6%  $13,171  $23,821  $13,371  $23,388

TOTAL CAPITAL COSTS $232,696 $420,835 $236,226 $413,187

12.4 Operations and maintenance costs

Expected operating and maintenance costs are expected to follow the
Combined cycle plus CO2 removal case.

Expected average costs are given in Table 12-5 and Table 12-6.
Table 12-5 Fixed operating cost estimate for combined cycle plant

and CO2 removal and 100MWth district heating
Item CC plant

USD/a

CC + CO2

USD/a

CC + DH

USD/a

CC + CO2

+DH
USD/a

Operating labour  $1,125,000 $2,225,000 $1,125,000 $2,225,000

Insurance, fees etc  $3,955,400  $7,153,400  $4,015,400  $7,023,400

Fixed maintenance  $3,955,400  $7,153,400  $4,015,400  $7,023,400

Land (rent, rates)  $-  $-  $-  $-

Outside services (accounting,
legal, engineering)

 $3,955,400  $7,153,400  $4,015,400  $7,023,400

Other fixed O&M  $-  $-  $-  $-

Total fixed O&M cost $12,991,200
.

$23,685,200 $13,171,200 $23,295,200
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Table 12-6 Variable operating and maintenance cost estimate for
combined cycle plant, CO2 removal and 100MWth district heating

systems
VARIABLE O&M COSTS CC only

$/MWh
(net)

CC +
CO2

$/MWh
(net)

CC +
DH

$/MWh
(net)

CC +
CO2 +

DH
$/MWh
(net)

Variable maintenance GT's 0.83 0.83 0.83 0.83
Variable maintenance ST 0.20 0.20 0.20 0.20
Variable maintenance (boilers
and BOP)

0.00 0.00 0.00 0.00

Consumable spares 0.70 0.70 0.70 0.70
Chemicals, oils, other
consummables

0.60 0.60 0.60 0.60

Variable O&M re multi-product
system

0.00 0.00 0.00 0.00

Variable O&M re CO2 removal
system

0.00 0.73 0.00 0.73

Total variable O&M cost 2.33 3.06 2.33 3.06

12.5 Life cycle and unit costs
The estimated long run marginal cost for Cases A to D are shown in Table 12-
7

Table 12-7 Estimated long run marginal cost for combined cycle,
CO2 removal and DH plant

Element CC plant

USD/MWh

CC + CO2

plant
USD/MWh

CC  + DH

USD/MWh

CC + CO2 + DH

USD/MWh
Fuel $14.07 $16.93 $14.25 $17.03
Capital cost $6.75 $14.69 $6.94 $14.52
IDC $0.27 $0.59 $0.28 $0.58
Fixed O&M $3.43 $7.53 $3.53 $7.45
Water $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06
Long run marginal cost $26.86 $42.81 $27.34 $42.65
Less multi-product
rebate
Low:Med:High

$0.00 $0.76 $1.52 $0.00 $0.91 $1.82

Total LRMC $26.86 $42.81 $27.34 $26.58 $25.82 $42.65 $41.74 $40.84
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13. Case E - Combined cycle + district cooling

13.1 Technical performance

For the district cooling case, a base case has been selected utilising a 95oC
temperature heat source, with an overall peak demand of 100MW of cooling
energy and a 30% capacity factor.   Twenty absorption coolers rated at 5MW
of cooling will be used with a coefficient of performance at 0.65.

Note that unlike the district heating case where a wide temperature range is
possible on the driving heat source since the application of the heat is largely
as sensible heat, in district cooling using absorption chillers the heat is largely
utilised at a fixed temperature to evaporate the refrigerant (water in this case).

Therefore the district cooling case is largely governed by the heat source
return temperature, in this case assumed at 95oC (assuming a condensing
heat exchanger).

Due to the return temperature limitations the available heat source locations
from the combined cycle plant, in this range, are practically limited to steam
turbine extractions.   Unlike the district heating case, minimal value can be
gained from the remnant stack heat.

Since the process stream peak temperature has been selected as 95oC, a
steam turbine extraction point slightly above this amount should be selected.
For this steam turbine configuration, a saturation temperature of 101oC can
be extracted at a cost of 0.186MWe per MW thermal from the low pressure
region of the steam turbine (assuming a return temperature of 95oC).

Applying the estimated CoP of 0.65 for a chiller operating at these conditions
(reduced because of the low driving temperature but compensated by the
low cooling temperature), the lost electrical output is 0.186 / 0.65 = 0.286
kWe/kWr.

As an aside, this cooling versus electricity trade-off can be likened to an
effective CoP for an electric driven chiller of 1/0.286 = 3.5.   This indicates a
performance comparable to an electric chiller case but it is noted that the
absorption chiller is more expensive in configuration than an electric chiller.

With a 30% capacity factor the average (all hours) loading and impact on the
combined cycle plant is expected to be as shown in Table 13-1.

Note that a higher ambient reference condition is applied (15oC) compared
with the district heating case (9oC) due to the alternate site applied.  The
parameters shown are clean, as-new (before degradation).
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Table 13-1 Technical performance, combined cycle + district
cooling (15oC reference condition)

Case Gross plant
output

MW

Net plant
output

MW

Net plant
heat rate
kJ/kWh

Efficiency
%

Condenser
pressure

bar
CC only 495 483 6232 (LHV)

6917 (HHV)
57.8% (LHV)
52.0% (HHV)

0.03

CC + 100MWr
district cooling

481 469 6422 (LHV)
7127 (HHV)

56.1% (LHV)
50.5% (HHV)

0.03

A schematic of this process is shown in Figure 13-1.  Further description of
the district cooling system can be found in Section 7.
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Figure 13.1 Combined cycle plus DC schematic
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13.2 Emissions

Table 13-2 Combined cycle with district cooling - Specific emissions
Case NOx emissions

kg/MWh
CO2 emissions

kg/MWh
Combined cycle 0.12 352
CC + DC 0.12 363

No allowance is included for the amount of emissions that would be
generated in the benchmark case from the system that raised the cooling in
the absence of the combined cycle plant.

13.3 Capital cost

The capital cost impact of the district cooling plant is estimated at $10,200k
USD (EPC basis).

The cost impact is the cost of the absorption cooling system (and associated
balance of plant infrastructure) only.  There is negligible change in the
combined cycle plant because of the district cooling system as it is assumed
that the combined cycle plant would be able to run as a pure combined cycle
plant when the district cooling system were not operating.  The steam turbine,
generator and condenser would be rated for the full combined cycle flow for
example.

A cost comparison is shown in Table 13-3.
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Table 13-3 Capital cost comparison (excluding IDC)
Item Case A

CC only
kUSD

Case E
CC + DC

kUSD
SUBTOTAL SUPPLY AND
INSTALL EPC COST

 $197,770 $231,770

INDIRECTS
Owners Engineering 3%  $5,933  $6,239
Owners Contingency 3%  $5,933  $6,239
Spares 2%  $3,955  $4,159
Startups 2%  $3,955  $4,159
Insurance etc. 1%  $1,978  $2,080
SUBTOTAL INDIRECTS  $21,755 $22,876
FINANCE COSTS
IPP non-recourse basis incl
approvals, pre-engineering,
financial instruments, due
diligence, legals etc)

6%  $13,171  $13,851

TOTAL CAPITAL COSTS  $232,696  $272,701

13.4 Operations and maintenance costs

Expected operating and maintenance costs are small.  In particular no
additional operations manning is considered necessary from the base
combined cycle arrangement.

Expected average costs are given in Table 13-4 and Table 13-5.

Table 13-4 Fixed operating cost estimate for combined cycle plant
and 100MWr district cooling

Item CC plant
USD/a

CC + DC
USD/a

Operating labour  $1,125,000 $1,125,000
Insurance, fees etc  $3,955,400  $4,635,400
Fixed maintenance  $3,955,400  $4,635,400
Land (rent, rates)  $-  $-
Outside services (accounting, legal,
engineering)

 $3,955,400  $4,635,400

Other fixed O&M  $-  $-
Total fixed O&M cost $12,991,200 $15,031,200
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Table 13-5 Variable operating and maintenance cost estimate for
combined cycle plant and 100MWr district cooling systems

VARIABLE O&M COSTS CC only
$/MWh (net)

CC + DC
$/MWh (net)

Variable maintenance GT's 0.83 0.83
Variable maintenance ST 0.20 0.20
Variable maintenance (boilers
and BOP)

0.00 0.00

Consumable spares 0.70 0.70
Chemicals, oils, other
consummables

0.60 0.60

Variable O&M re multi-product
system

0.00 0.66

Variable O&M re CO2 removal
system

0.00 0.00

Total variable O&M cost 2.33 2.99

13.5 Life cycle and unit costs

The estimated long run marginal cost for the combined cycle plant and
combined cycle plant with district cooling is shown in Table 13-6.

Table 13-6 Estimated long run marginal cost for combined cycle
plant and district cooling

Element CC plant
USD/MWh

CC + DC
USD/MWh

Fuel $14.04 $14.47
Capital cost $6.88 $8.31
IDC $0.27 $0.33
Fixed O&M $3.50 $4.17
Water $0.01 $0.01
Variable O&M $2.33 $2.99
Long run marginal cost $27.03 $30.28
Less multi-product rebate
Low:Med:High

$1.18 $2.36 $3.54

Total LRMC $27.03 $29.10 $27.92 $26.74

The calculated break-even point for district cooling (if the value of district
cooling is above the break-even point the inclusion of the district cooling
scheme will reduce the long run marginal cost of the electricity output), is
$13.70/GJ.
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14. Case F - Combined cycle + district cooling + CO2 absorption

14.1 Technical performance

For the district cooling a base case has been selected utilising a 95oC
temperature heat source, with an overall peak demand of 100MW of cooling
energy and a 50% capacity factor.   Twenty absorption coolers rated at 5MW
of cooling will be used in parallel with a coefficient of performance at 0.65.

From the analysis in Section 12, it is noted that within the CO2 absorption
process adopted there are no useful sources of heat above 93oC.

The cheapest (in electrical terms) form of thermal heat available from the
combined cycle is from the low pressure steam turbine.   As before in Section
13 the process stream peak temperature has been selected as 95oC, a steam
turbine extraction point slightly above this amount should be selected.   For
this steam turbine configuration, a saturation temperature of 101oC can be
extracted at a cost of 0.186MWe per MWth from the low pressure region of the
steam turbine (assuming a return temperature of 95oC).

Applying the estimated CoP of 0.65 for a chiller operating at these conditions
(reduced because of the low driving temperature but compensated by the
low cooling temperature), the lost electrical output is 0.186 / 0.65 = 0.286
kWe/kWr.

With a 30% capacity factor the average (all hours) loading and impact on the
combined cycle plant is expected to be as shown in Table 14-1

Table 14-1 Technical Performance, combined cycle + district
cooling + amine absorption.  Reference 15oC

Case Gross
plant

output
MW

Net plant
output

MW

Net plant
heat rate
kJ/kWh

Efficiency
%

Condenser
pressure

bar

Cooling
water

supply
oC

CC 495 483 6232 (LHV)
6917 (HHV)

57.8% (LHV)
52.0% (HHV)

0.03 12

CC + 100MWr
DC + Amine

430 385 7807 (LHV)
8665 (HHV)

46.1% (LHV)
41.5% (HHV)

0.03 12
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It should be noted that more efficient absorption chillers could be installed
which can utilise saturated steam at 85oC.   This was considered as these
chillers would have been able to use the energy available at ‘nil’ performance
cost from the CO2 regenerator condenser.   The amount of thermal energy
that would have been available would have been in the order of 13MWth.
This option though was not used because to install 85oC chillers would
double the capital cost and this would only give a gain of 13MWth out of
154MWth required (100MWref).   This option was considered uneconomical for
cooling requirements of 100MWref but should be considered if the cooling
requirements were only in the order of 30MWref.

The resulting arrangement assumed is shown in Figure 14-1.



SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 8P.DOC 14-3

Figure 14.1 Combined cycle, DC plus CO2 removal schematic
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14.2 Emissions

Table 14-2 Combined cycle with district cooling & CO2 removal -
Specific emissions

Case NOx emissions
kg/MWh

CO2 emissions
kg/MWh

Combined cycle 0.12 352
CC + DC 0.12 363
CC + DC + CO2

removal
0.15 42

No allowance is included for the amount of emissions that would be
generated in the benchmark case from the system that raised the cooling in
the absence of the combined cycle plant.

14.3 Capital cost

Capital cost impacts are anticipated to be the extra cost of the district cooling
plant from the previous case with a small allowance for the extra piping and
adjustments to integrate the district cooling system into both plants.  An extra
$1M is nominally allowed (10%).

No allowance is provided for a small extraction from the steam turbine to
alternatively supply the heat taken from the CO2 Regenerator Condenser in
the event that the CO2 absorber is down while the combined cycle plant is
operating and district cooling is required.

Table 14-3 shows the comparison of the estimated capital cost for Cases A,
B, E and F.
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Table 14-3 Capital cost comparison (excluding IDC)
Item Case A

CC only

kUSD

Case B
CC + CO2

kUSD

Case E
CC + DC

kUSD

Case F
CC + CO2+

DC
kUSD

SUBTOTAL SUPPLY AND INSTALL
EPC COST

$197,770 $357,670 $231,770 $392,670

INDIRECTS
Owners Engineering 3%  $5,933  $10,730  $6,953  $11,780
Owners Contingency 3%  $5,933  $10,730  $6,953  $11,780
Spares 2%  $3,955  $7,153  $4,635  $7,853
Startups 2%  $3,955  $7,153  $4,635  $7,853
Insurance etc. 1%  $1,978  $3,577  $2,318  $3,927
SUBTOTAL INDIRECTS  $21,755 $39,343 $25,494 $43,193
FINANCE COSTS
IPP non-recourse basis incl approvals,
pre-engineering, financial instruments,
due diligence, legals etc)

6%  $13,171  $23,821  $15,436  $26,152

TOTAL CAPITAL COSTS $232,696 $420,835 $272,701 $462,016

14.4 Operations and maintenance costs

Expected operating and maintenance costs are expected to follow the
Combined cycle plus CO2 removal case, with the small adjustment for the
district cooling operations and maintenance.

Expected average costs are given in Table 14-4 and Table 14-5.

Table 14-4 Fixed operating cost estimate for combined cycle plant
and CO2 removal and 100MWr district cooling

Item CC plant

USD/a

CC + CO2

USD/a

CC + DC

USD/a

CC + CO2

+DC
USD/a

Operating labour  $1,125,000 $2,225,000 $1,125,000 $2,225,000
Insurance, fees etc  $3,955,400  $7,153,400  $4,635,400  $7,853,400
Fixed maintenance  $3,955,400  $7,153,400  $4,635,400  $7,853,400
Land (rent, rates)  $-  $-  $-  $-
Outside services (accounting, legal,
engineering)

 $3,955,400  $7,153,400  $4,635,400  $7,853,400

Other fixed O&M  $-  $-  $-  $-
Total fixed O&M cost $12,991,200 $23,685,200 $15,031,200 $25,785,200
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Table 14-5 Variable operating and maintenance cost estimate for
combined cycle plant, CO2 removal and 100MWr DC system

VARIABLE O&M COSTS CC only

$/MWh (net)

CC + CO2

$/MWh (net)

CC + DC

$/MWh (net)

CC + CO2
+ DC

$/MWh (net)
Variable maintenance GT's 0.83 0.83 0.83 0.83
Variable maintenance ST 0.20 0.20 0.20 0.20
Variable maintenance (boilers and BOP) 0.00 0.00 0.00 0.00
Consumable spares 0.70 0.70 0.70 0.70
Chemicals, oils, other consummables 0.60 0.60 0.60 0.60
Variable O&M re multi-product system 0.00 0.00 0.63 0.80
Variable O&M re CO2 removal system 0.00 0.73 0.00 0.73
Total variable O&M cost 2.33 3.06 2.96 3.86

14.5 Life cycle and unit costs

The estimated long run marginal cost for Cases A, B, E and F are shown in
Table 14-6.

Table 14-6 Estimated long run marginal cost for combined cycle,
CO2 removal and DC plant

Element CC plant

USD/MWh

CC + CO2

plant
USD/MWh

CC  + DC

USD/MWh

CC + CO2 + DC

USD/MWh
Fuel $14.04 $16.97 $14.47 $17.59
Capital cost $6.88 $15.04 $8.31 $17.12
IDC $0.27 $0.60 $0.33 $0.68
Fixed O&M $3.50 $7.71 $4.17 $8.70
Water $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.99 $3.86
Long run marginal cost $27.03 $43.39 $30.28 $47.96
Less multi-product
rebate
Low:Med:High

$1.18 $2.36 $3.54 $1.44 $2.87 $4.31

Total LRMC $27.03 $43.39 $29.10 $27.92 $26.74 $46.52 $45.09 $43.65
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15. Case G - Combined cycle + desalination

15.1 Technical performance

For desalination case, a base case has been chosen with an overall demand
of 25ML/day (1040 tonne/hour) of potable water (in multiples of low
temperature MED units) using 80oC supply steam with a thermal energy
requirement of 67MWth and assuming a 90% capacity factor.

In the district heating case a wide temperature range is possible on the
driving heat source since the application of the heat is largely as sensible
heat.   In the desalination case (as per the district cooling case) the heat is
largely utilised at a fixed temperature needed for evaporation in the process.

Therefore the desalination case is largely governed by the heat source return
temperature, in this case assumed at 80oC (assuming a condensing heat
exchanger).

Due to the return temperature limitations, the available heat source locations
from the combined cycle plant, in this range, are practically limited to steam
turbine extractions.   Unlike the district heating case, no value can be gained
from the remnant stack heat.

Since the process steam peak temperature has been selected as 80oC (top
brine temperature of 70oC), a steam turbine extraction point slightly above
this amount should be selected.   For this steam turbine configuration, a
saturation temperature of 85oC can be extracted at a cost of 0.146MWe per
MW thermal from the low pressure region of the steam turbine (assuming a
return temperature of 80oC).

In this case study, 67MW thermal energy is needed for the desalination
system.   Therefore the penalty on the combined cycle will be 67 x 0.146 =
9.8MWe lost net output.   At a gain (yield) of 10 tonne potable water per tonne
of steam the 1040tonne/hour product capacity will use 104tonne/hour of
steam.   The impact on the combined cycle plant is 9.8 / 1040 = 0.0094MWe

per tonne/hour of product.

Assuming a 25ML/day peak demand and a 90% capacity factor (the same as
the associated combined cycle plant), the average (all hours) loading and
impact on the combined cycle plant is expected to be as shown in Table 15-
1.

Note that a higher ambient reference condition is applied (15oC) compared
with the district heating case (9oC) due to the alternate site applied.  The
parameters shown are clean, as-new (before degradation).
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Table 15-1 Technical performance, combined cycle + desalination
(15oC reference condition)

Case Gross plant
output

MW

Net plant
output

MW

Net plant heat
rate

kJ/kWh

Efficiency
%

Condenser
pressure

bar
CC only 495 483 6232 (LHV)

6917 (HHV)
57.8% (LHV)
52.0% (HHV)

0.03

CC + 25ML/day
desalination

486 472 6375 (LHV)
7076 (HHV)

56.5% (LHV)
50.9% (HHV)

0.03

Adelaide, like Sydney, has a higher average ambient temperature, and
cooling water temperature than the Netherlands but also would be restricted
to a 2oC temperature rise for the cooling water which leads to approximately
the same condenser pressure as the benchmark case.

A schematic of the process is shown in Figure 15-1.  Further details on the
desalination plant arrangement can be found in Section 8.
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Figure 15.1 Combined cycle + desalination schematic
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15.2 Emissions

Table 15-2 Combined cycle with desalination - Specific emissions
Case NOx emissions

kg/MWh
CO2 emissions

kg/MWh
Combined cycle 0.12 352
CC + Desal 0.12 360

There is no credit provided in these cases for the emissions which might
result from the production of the water as applicable.

15.3 Capital cost

The capital cost impact of the desalination plant is estimated at $56,250k
USD (EPC basis).

As noted in Section 8.1, the combined cycle plant is expected to reduce in
cost by $29.2M due to the reduced size of the steam turbine, generator,
cooling system and related plant.

A cost comparison is shown in Table 15-3.

Table 15-3 Capital cost comparison (excluding IDC)
Item Case A

CC only
kUSD

Case G
CC + Desal

kUSD
SUBTOTAL SUPPLY AND INSTALL
EPC COST

 $197,770 $250,849

INDIRECTS
Owners Engineering 3%  $5,933  $7,525
Owners Contingency 3%  $5,933  $7,525
Spares 2%  $3,955  $5,017
Startups 2%  $3,955  $5,017
Insurance etc. 1%  $1,978  $2,508
SUBTOTAL INDIRECTS  $21,755 $27,592
FINANCE COSTS
IPP non-recourse basis incl approvals,
pre-engineering, financial instruments,
due diligence, legals etc)

6%  $13,171  $16,707

TOTAL CAPITAL COSTS  $232,696  $295,149

15.4 Operations and maintenance costs

Expected average costs are given in Table 15-4 and Table 15-5
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Table 15-4 Fixed operating cost estimate for combined cycle plant
and 25ML/day desalination plant

Item CC plant
USD/a

CC + Desal
USD/a

Operating labour  $1,125,000 $1,350,000
Insurance, fees etc  $3,955,400  $5,016,980
Fixed maintenance  $3,955,400  $5,016,980
Land (rent, rates)  $-  $-
Outside services (accounting, legal,
engineering)

 $3,955,400  $5,016,980

Other fixed O&M  $-  $-
Total fixed O&M cost $12,991,200 $16,400,940

Table 15-5 Variable operating and maintenance cost estimate for
combined cycle plant and 25ML/day desalination plant
VARIABLE O&M COSTS CC only

$/MWh (net)
CC + Desal
$/MWh (net)

Variable maintenance GT's 0.83 0.83
Variable maintenance ST 0.20 0.20
Variable maintenance (boilers and BOP) 0.00 0.00
Consumable spares 0.70 0.70
Chemicals, oils, other consummables 0.60 0.60
Variable O&M re multi-product system 0.00 0.10
Variable O&M re CO2 removal system 0.00 0.00
Total variable O&M cost 2.33 2.43

15.5 Life cycle and unit costs

The estimated long run marginal cost for the combined cycle plant and
combined cycle plant with desalination is shown in Table 15-6.

Table 15-6 Estimated long run marginal cost for combined cycle
plant and 25ML/day desalination plant

Element CC plant
USD/MWh

CC + Desal
USD/MWh

Fuel $14.04 $14.36
Capital cost $6.88 $8.93
IDC $0.27 $0.36
Fixed O&M $3.50 $4.52
Water $0.01 $0.01
Variable O&M $2.33 $2.43
Long run marginal cost $27.03 $30.61
Less multi-product rebate
Low:Med:High

$1.02 $2.03 $3.05

Total LRMC $27.03 $29.60 $28.58 $27.56

The calculated break-even point for desalination (if the value of product water
is above the break-even point the inclusion of the desalination scheme will
reduce the long run marginal cost of the electricity output), is $1.75/T.
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16. Case H - Combined cycle + desalination + amine absorption

16.1 Technical performance

For the desalination case, a base case has been chosen with an overall
demand of  25ML/day (1040 tonne/hour) of potable water (in multiples of low
temperature MED units) using 80oC supply steam (70oC top brine
temperature) with a thermal energy requirement of 67MWth and assuming a
90% capacity factor.

The performances given in Table 16-1 are on an expected , non-degraded
basis.

Table 16-1 Technical Performance, combined cycle + desalination
+ amine absorption.

Case Gross plant
output

MW

Net plant
output

MW

Net plant heat
rate

kJ/kWh

Efficiency
%

Condenser
pressure

bar
CC 495 483 6232 (LHV)

6917 (HHV)
57.8% (LHV)
52.0% (HHV)

0.03

CC +
25ML/day

Desal + Amine

437 391 7699 (LHV)
8545 (HHV)

46.8% (LHV)
42.1% (HHV)

0.03

As seen from Table 12-2 there is 69.7MW of thermal energy available from the
CO2 regenerator condenser.   Not all of this will be available for the
desalination due to the temperatures required.   About 15MWth will be
available by splitting the CO2 regenerator condenser such that the top 12oC
of heat rejected was directed to the desalination process and the remainder
to the seawater cooling.

In this case the cost of that section of the CO2 Regenerator Condenser would
be higher as the terminal temperature difference to the cooling stream would
be reduced.

This would thus provide approximately 1/5 of the energy requirements of the
desalination plant and hence reduce the impact of the desalination plant on
the combined cycle plant.

Additionally, and unlike the assumption in the previous cases, the combined
cycle plant is assumed to be re-sized (optimised) for the high availability
desalination plant, the CO2 absorption system impact is also assumed to be
permanently incorporated into the combined cycle design (steam turbine,
generator, transformer etc reduced in size due to the steam consumed by the
desalination plant and the CO2 removal system, both assumed to have high
availability and capacity factor).  This leads to a capital cost saving.
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Therefore it is assumed that 15MWth is extracted from the CO2 Regenerator
Condenser at nil cost (ignoring the surface area impact due to the terminal
temperature difference change).

As before in Section 15 the process steam temperature has been selected as
80oC, a steam turbine extraction point slightly above this amount should be
selected.   For this steam turbine configuration, a saturation temperature of
85oC can be extracted at a cost of 0.146MWe per MW thermal from the low
pressure region of the steam turbine (assuming a return temperature of
80oC).

In this case study 67MW thermal energy is needed for the desalination
system.   15MWth will be obtained at nil performance cost from the CO2
regenerator condenser.   Therefore the penalty on the combined cycle will be
52 x 0.146 = 7.6MWe lost net output.   At a gain (yield) of 10 tonne potable
water per tonne of steam the 1040tonne/hour units will use 104tonne/hour of
steam.   The average impact on the combined cycle plant of 7.6 / 1040 =
0.0073MWe per tonne/hour of product.

A schematic of the resulting arrangement is shown in Figure 16.1.
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Figure 16.1 Combined cycle plus desalination plus CO2 removal schematic
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16.2 Emissions

Table 16-2 Combined cycle with desalination & CO2 removal -
Specific emissions

Case NOx emissions
kg/MWh

CO2 emissions
kg/MWh

Combined cycle 0.12 352
CC + Desal 0.12 360
CC + Desal + CO2

removal
0.15 41

There is no credit provided in these cases for the emissions which might
result from the production of the water as applicable.

16.3 Capital cost

Capital cost impacts are anticipated to be the extra cost of the desalination
plant from the previous case with a small allowance for the extra piping and
adjustments to integrate the district cooling system into both plants.  An extra
$5.6M is nominally allowed (10%).

Table 16-3 shows the comparison of the estimated capital cost for Cases A,
B, G and H.

Table 16-3 Capital cost comparison (excluding IDC)
Item Case A

CC only

kUSD

Case B
CC + CO2

kUSD

Case G
CC + Desal

kUSD

Case H
CC + CO2+

Desal
kUSD

SUBTOTAL SUPPLY AND INSTALL
EPC COST

$197,770 $357,670 $250,849 $398,057

INDIRECTS
Owners Engineering 3%  $5,933  $10,730  $7,525  $11,942
Owners Contingency 3%  $5,933  $10,730  $7,525  $11,942
Spares 2%  $3,955  $7,153  $5,017  $7,961
Startups 2%  $3,955  $7,153  $5,017  $7,961
Insurance etc. 1%  $1,978  $3,577  $2,508  $3,981
SUBTOTAL INDIRECTS  $21,755 $39,343 $27,592 $43,787
FINANCE COSTS
IPP non-recourse basis incl approvals,
pre-engineering, financial instruments,
due diligence, legals etc)

6%  $13,171  $23,821  $16,707  $26,510

TOTAL CAPITAL COSTS $232,696 $420,835 $295,149 $468,351

16.4 Operations and maintenance costs

Expected operating and maintenance costs are expected to follow the
Combined cycle plus CO2 removal case, with the adjustment for the
desalination operations and maintenance.
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Expected average costs are given in Table 16-4 and Table 16-5.

Table 16-4 Fixed operating cost estimate for combined cycle plant
and CO2 removal and 25ML/day desalination plant

Item CC plant

USD/a

CC + CO2

USD/a

CC + Desal

USD/a

CC + CO2

+Desal
USD/a

Operating labour  $1,125,000 $2,225,000 $1,350,000 $2,450,000

Insurance, fees etc  $3,955,400  $7,153,400  $5,016,980  $7,961,087

Fixed maintenance  $3,955,400  $7,153,400  $5,016,980  $7,961,087

Land (rent, rates)  $-  $-  $-  $-

Outside services (accounting,
legal, engineering)

 $3,955,400  $7,153,400  $5,016,980  $7,961,087

Other fixed O&M  $-  $-  $-  $-

Total fixed O&M cost $12,991,200 $23,685,200 $16,400,940 $26,333,261

Table 16-5 Variable operating and maintenance cost estimate for
combined cycle plant, CO2 removal and 25ML/day desalination

plant
VARIABLE O&M COSTS CC only

$/MWh (net)

CC + CO2

$/MWh (net)

CC + Desal

$/MWh (net)

CC + CO2
+ Desal

$/MWh (net)
Variable maintenance GT's 0.83 0.83 0.83 0.83
Variable maintenance ST 0.20 0.20 0.20 0.20
Variable maintenance (boilers and BOP) 0.00 0.00 0.00 0.00
Consumable spares 0.70 0.70 0.70 0.70
Chemicals, oils, other consummables 0.60 0.60 0.60 0.60
Variable O&M re multi-product system 0.00 0.00 0.10 0.12
Variable O&M re CO2 removal system 0.00 0.73 0.00 0.73
Total variable O&M cost 2.33 3.06 2.43 3.18

16.5 Life cycle and unit costs

The estimated long run marginal cost for Cases A, B, G and H are shown in
Table 16-6.

Table 16-6 Estimated long run marginal cost for combined cycle,
CO2 removal and Desalination plant

Element CC plant

USD/MWh

CC + CO2

plant
USD/MWh

CC  + Desal

USD/MWh

CC + CO2 + Desal

USD/MWh
Fuel $14.04 $16.97 $14.36 $17.35
Capital cost $6.88 $15.04 $8.93 $17.11
IDC $0.27 $0.60 $0.36 $0.68
Fixed O&M $3.50 $7.71 $4.52 $8.76
Water $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.43 $3.19
Long run marginal cost $27.03 $43.39 $30.61 $47.10
Less multi-product
rebate
Low:Med:High

$1.02 $2.03 $3.05 $1.23 $2.45 $3.68

Total LRMC $27.03 $43.39 $29.60 $28.58 $27.56 $45.87 $44.64 $43.41
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17. Analysis

Sections 8 through 16 describe the parameters and costs associated with the
combined cycle plant, with and without the CO2 removal process, and each
with and without the multi-product systems (district heating, district cooling
and desalination).

The results are summarised in Table 17-1 to Table 17-4 and displayed in
Figure 17.1 to Figure 17.6.  All specific costs are based on US $/MWh.

Table 17-1 Summary of technical parameters (Ref 9oC)
Configuration Units A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2

Capacity factor % 90% 90% 90% 90%

Net degr (MCR) MW 480.1 399.0 473.9 396.5

Sent out GWh/a
3,785 3,146 3,736 3,126

Net H.R. degr HHV kJ/kWh 7034 8464 7126 8516

Net H.R. degr LHV kJ/kWh 6338 7626 6420 7673

Total gas PJ/a HHV 26.6 26.6 26.6 26.6

#staff # 22.50 44.50 22.50 44.50

Table 17-2 Summary of technical parameters (Ref 15oC)
Configuration Units A:

CC
B:

CC + CO2
E:

CC+DC
F:

CC+DC+CO2
G:

CC+Desal
H:

CC+Desal+CO2
Capacity factor % 90% 90% 90% 90% 90% 90%

Net degr (MCR) MW 470.9 389.8 457.1 376.0 460.4 381.3

Sent out GWh/a
3,713 3,073 3,604 2,965 3,630 3,006

Net H.R. degr HHV kJ/kWh 7022 8483 7234 8795 7182 8673

Net H.R. degr LHV kJ/kWh 6327 7643 6518 7924 6471 7814

Total gas PJ/a HHV 26.1 26.1 26.1 26.1 26.1 26.1

#staff # 22.50 44.50 22.50 44.50 27.00 49.00
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Table 17-3 Specific costs (Ref 9oC)
Low second product value A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2

Fuel $14.07 $16.93 $14.25 $17.03

Capital cost $6.75 $14.69 $6.94 $14.52

IDC $0.27 $0.59 $0.28 $0.58

Fixed O&M $3.43 $7.53 $3.53 $7.45

Water $0.01 $0.01 $0.01 $0.01

Variable O&M $2.33 $3.06 $2.33 $3.06

SubTotal $26.86 $42.81 $27.34 $42.65

Multi-product rebate $0.00 $0.00 $0.00 $0.00

Total on sent-out elec $26.86 $42.81 $27.34 $42.65

Medium second product
value

A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2

Fuel $14.07 $16.93 $14.25 $17.03

Capital cost $6.75 $14.69 $6.94 $14.52

IDC $0.27 $0.59 $0.28 $0.58

Fixed O&M $3.43 $7.53 $3.53 $7.45

Water $0.01 $0.01 $0.01 $0.01

Variable O&M $2.33 $3.06 $2.33 $3.06

SubTotal $26.86 $42.81 $27.34 $42.65

Multi-product rebate $0.00 $0.00 $0.76 $0.91

Total on sent-out elec $26.86 $42.81 $26.58 $41.74

High second product value A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2

Fuel $14.07 $16.93 $14.25 $17.03

Capital cost $6.75 $14.69 $6.94 $14.52

IDC $0.27 $0.59 $0.28 $0.58

Fixed O&M $3.43 $7.53 $3.53 $7.45

Water $0.01 $0.01 $0.01 $0.01

Variable O&M $2.33 $3.06 $2.33 $3.06

SubTotal $26.86 $42.81 $27.34 $42.65

Multi-product rebate $0.00 $0.00 $1.52 $1.82

Total on sent-out elec $26.86 $42.81 $25.82 $40.84
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Table 17-4 Specific costs (ref 15oC)
Low second product value A: CC B: CC + CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $14.47 $17.59 $14.36 $17.35

Capital cost $6.88 $15.04 $8.31 $17.12 $8.93 $17.11

IDC $0.27 $0.60 $0.33 $0.68 $0.36 $0.68

Fixed O&M $3.50 $7.71 $4.17 $8.70 $4.52 $8.76

Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01

Variable O&M $2.33 $3.06 $2.99 $3.86 $2.43 $3.19

SubTotal $27.04 $43.39 $30.28 $47.96 $30.61 $47.10

Multi-product rebate $0.00 $0.00 $1.18 $1.44 $1.02 $1.23

Total on sent-out elec $27.04 $43.39 $29.10 $46.52 $29.60 $45.87

Medium second product
value

A: CC B: CC + CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $14.47 $17.59 $14.36 $17.35

Capital cost $6.88 $15.04 $8.31 $17.12 $8.93 $17.11

IDC $0.27 $0.60 $0.33 $0.68 $0.36 $0.68

Fixed O&M $3.50 $7.71 $4.17 $8.70 $4.52 $8.76

Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01

Variable O&M $2.33 $3.06 $2.99 $3.86 $2.43 $3.19

SubTotal $27.04 $43.39 $30.28 $47.96 $30.61 $47.10

Multi-product rebate $0.00 $0.00 $2.36 $2.87 $2.03 $2.45

Total on sent-out elec $27.04 $43.39 $27.92 $45.09 $28.58 $44.64

High second product value A: CC B: CC + CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $14.47 $17.59 $14.36 $17.35

Capital cost $6.88 $15.04 $8.31 $17.12 $8.93 $17.11

IDC $0.27 $0.60 $0.33 $0.68 $0.36 $0.68

Fixed O&M $3.50 $7.71 $4.17 $8.70 $4.52 $8.76

Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01

Variable O&M $2.33 $3.06 $2.99 $3.86 $2.43 $3.19

SubTotal $27.04 $43.39 $30.28 $47.96 $30.61 $47.10

Multi-product rebate $0.00 $0.00 $3.54 $4.31 $3.05 $3.68

Total on sent-out elec $27.04 $43.39 $26.74 $43.65 $27.56 $43.41
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Figure 17.1 Low value of second product (ref 9oC)
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Figure 17.2 Low value of second product (ref 15oC)
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Figure 17.3 Medium value of second product (ref 9oC)
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Figure 17.4 Medium value of second product (ref 15oC)
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Figure 17.5 High value of second product (ref 9oC)
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Figure 17.6 High value of second product (ref 15oC)
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17.1 Specific cost of electricity

The presence of the second product attached as a cogeneration user to the
combined cycle plant only reduces the specific costs of generating electricity
when the value of the second product is sufficiently high.

The value of the second product at which the presence of the cogeneration
effect reduces the long run marginal cost of electricity relative to the pure
combined cycle plant or the combined cycle plant with CO2 removal as
appropriate is shown in Table 17-5 and Figure 17.7 to Figure 17.9.

Table 17-5 Value of second product which makes cogeneration
attractive

System Comparison with
Combined cycle

Comparison with
Combined cycle with

CO2 removal
District heating $1.30/GJ $0.00/GJ
District cooling $13.70/GJ $16.00/GJ
Desalination $1.75/T $1.50/T

Figure 17.7 District heating - effect of varying value of heat
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Figure 17.8 District cooling - effect of varying value of cooling
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Figure 17.9 Desalination - effect of varying value of product
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The value of district heat at which the cogeneration scheme becomes
effective is relatively low, indicating that the cogeneration option is attractive
whether or not the CO2 removal option is taken.
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The values of district cooling and desalination are each towards the higher
end of the anticipated range of values.

This will tend to limit the number of potential sites around the world for the
commercial uptake of these technologies (ignoring other factors such as
greenhouse emissions reduction benefits).

With district cooling the cogeneration effect is relatively less attractive with
CO2 removal than without, whereas with district heating and desalination the
cogeneration option makes the CO2 removal option relatively less expensive.

17.2 Cost of reducing CO2

The results indicate that the adoption of the CO2 reduction technique of an
amine absorption process integrated into the combined cycle plant at this
scale has a large impact.  The CO2 reduction process decreases sent out
power by approximately 18% and increases heat rate by approximately 21%

Including the impact of the capital cost of the CO2 removal process into the
Long Run Marginal cost of electricity along with the output and heat rate
effects noted above increases the base case cost of power generation from
$27.04/MWh to $43.39/MWh, a 60% increase.

In return for this expenditure, the CO2 emitted reduces from approximately
352 kg/MWh to 40 kg/MWh.

The specific cost of reducing CO2 emissions on this basis is
= (43.39 - 27.04) / (0.352 - 0.040)
= $52.40 per T of CO2 saved.

This cost is tabulated in Table 17-6, where in each case the cost of saving
CO2 is compared against the non-amine absorption process for the same
multi-product system.

Table 17-6 Cost of reducing CO2 emissions ($/T CO2 saved)
Value of second

product
A:

CC + CO2

9oC

B:
CC + CO2

15oC

D:
CC+DH+CO2

9oC

F:
CC+DC+CO2

15oC

H:
CC+Desal+CO2

15oC
Low $50.95 $52.38 $50.60 $62.83 $60.53
Medium (base) $50.95 $52.38 $47.69 $58.20 $56.58
High $50.95 $52.38 $44.78 $53.57 $52.63

It should be noted in the above cogeneration cases that no CO2 emissions
are assumed for the alternative processes generating the district heat, district
cooling or desalination in the absence of the integrated combined cycle
scheme.
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District heating combined with the CO2 removal reduces the cost of removing
the CO2 in each case for all the values of district heating considered.  This is
mainly because thermal energy required for the district heating system can
be mostly obtained from areas with minimal performance impact on the
overall cycle.   It is also due to integration of the district heating off-take into
the combined cycle process and the CO2 absorption process such that some
of the capital cost (the cost of reducing the HRSG exit temperature down
towards 40oC) can be omitted.   The savings per tonne of CO2 reduction
when incorporating district heating are about $3/tonne, giving about a 6%
reduction in cost.

Due to the temperature requirements of the absorption chillers chosen, there
were no opportunities for extracting thermal heat with nil performance to the
cycle at either the stack exhaust or the CO2 absorption process.   District
cooling can only reduce the cost of CO2 savings if the value of the district
cooling effect is higher than $16/GJ.

Due to the temperature requirements of desalination process chosen there
were no opportunities for extracting thermal heat with nil performance to the
cycle from the stack exhaust.   It was possible though to extract thermal
energy with nil performance cost from the CO2 process which can result in an
increase in savings by combining with CO2 reduction provided the value of
the product is greater than approximately $1.50/T.
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18. Sensitive analysis - Gas cost

The sensitivity of the analysis to the gas cost assumption (versus the
assumption within the main analysis of $2/GJ) is provided for gas costs of:
¨ $1/GJ
¨ $3/GJ

The results of the parameters associated with the $1/GJ gas cost are
summarised in Table 18-1, Table 18-2 and Table 18-3.

Table 18-1 Sensitivity of district heating cases to gas cost
Low value second product A: CC B: CC + CO2 C: CC+DH D:

CC+DH+CO2
Gas $1/GJ $19.83 $34.35 $20.21 $34.14

Gas $2/GJ (base) $26.86 $42.81 $27.34 $42.65

Gas $3/GJ $33.90 $51.27 $34.47 $51.17

Medium value second product A: CC B: CC + CO2 C: CC+DH D:
CC+DH+CO2

Gas $1/GJ $19.83 $34.35 $19.45 $33.23

Gas $2/GJ (base) $26.86 $42.81 $26.58 $41.74

Gas $3/GJ $33.90 $51.27 $33.71 $50.26

High  value second product A: CC B: CC + CO2 C: CC+DH D:
CC+DH+CO2

Gas $1/GJ $19.83 $34.35 $18.70 $32.32

Gas $2/GJ (base) $26.86 $42.81 $25.82 $40.84

Gas $3/GJ $33.90 $51.27 $32.95 $49.35

Table 18-2 Sensitivity of district cooling cases to gas cost
Low value second product A: CC B: CC + CO2 E: CC+DC F:

CC+DC+CO2
Gas $1/GJ $20.02 $34.90 $21.86 $37.73

Gas $2/GJ (base) $27.04 $43.39 $29.10 $46.52

Gas $3/GJ $34.07 $51.87 $36.33 $55.32

Medium  value second product A: CC B: CC + CO2 E: CC+DC F:
CC+DC+CO2

Gas $1/GJ $20.02 $34.90 $20.68 $36.29

Gas $2/GJ (base) $27.04 $43.39 $27.92 $45.09

Gas $3/GJ $34.07 $51.87 $35.15 $53.88

High value second product A: CC B: CC + CO2 E: CC+DC F:
CC+DC+CO2

Gas $1/GJ $20.02 $34.90 $19.50 $34.86

Gas $2/GJ (base) $27.04 $43.39 $26.74 $43.65

Gas $3/GJ $34.07 $51.87 $33.97 $52.44
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Table 18-3 Sensitivity of desalination cases to gas cost
Low value second product A: CC B: CC + CO2 G: CC+Desal H:

CC+Desal+C
O2

Gas $1/GJ $20.02 $34.90 $22.41 $37.19

Gas $2/GJ (base) $27.04 $43.39 $29.60 $45.87

Gas $3/GJ $34.07 $51.87 $36.78 $54.54

Medium value second product A: CC B: CC + CO2 G: CC+Desal H:
CC+Desal+C

O2
Gas $1/GJ $20.02 $34.90 $21.40 $35.97

Gas $2/GJ (base) $27.04 $43.39 $28.58 $44.64

Gas $3/GJ $34.07 $51.87 $35.76 $53.31

High value second product A: CC B: CC + CO2 G: CC+Desal H:
CC+Desal+C

O2
Gas $1/GJ $20.02 $34.90 $20.38 $34.74

Gas $2/GJ (base) $27.04 $43.39 $27.56 $43.41

Gas $3/GJ $34.07 $51.87 $34.75 $52.09

Whilst variation in gas cost reduces the long run marginal cost of generation
significantly, as is expected, the gas cost does not appear to alter the relative
merits of the systems relative to the combined cycle option, or show
significant differences in the benefits of the CO2 removal system.

The cost of gas represents approximately 50% of the cost of generation,
therefore changes in the gas cost flow through into 50% changes
proportionately in the long run total costs.
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19. Sensitive analysis - Discount rate

The base analysis is shown on the basis of a discount rate of 10% real pre-
tax.

A sensitivity analysis has been conducted on the analysis on the basis of 5%
real, pre-tax.

The analysis of the 5% discount rate and differing product values are
summarised in Table 19-1, Table 19-2 and Table 19-3.

Table 19-1 Sensitivity of district heating cases to discount rate
Low product value A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2

5% discount rate $24.29 $37.21 $24.70 $37.12

10% discount rate $26.86 $42.81 $27.34 $42.65

Medium product value A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2

5% discount rate $24.29 $37.21 $23.94 $36.21

10% discount rate $26.86 $42.81 $26.58 $41.74

High product value A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2

5% discount rate $24.29 $37.21 $23.18 $35.31

10% discount rate $26.86 $42.81 $25.82 $40.84

Table 19-2 Sensitivity of district cooling to discount rate
Low product value A: CC B: CC + CO2 E: CC+DC F: CC+DC+CO2

5% discount rate $24.42 $37.66 $25.93 $40.00

10% discount rate $27.04 $43.39 $29.10 $46.52

Medium product value A: CC B: CC + CO2 E: CC+DC F: CC+DC+CO2

5% discount rate $24.42 $37.66 $24.75 $38.57

10% discount rate $27.04 $43.39 $27.92 $45.09

High product value A: CC B: CC + CO2 E: CC+DC F: CC+DC+CO2

5% discount rate $24.42 $37.66 $23.57 $37.13

10% discount rate $27.04 $43.39 $26.74 $43.65

Table 19-3 Sensitivity of desalination cases to discount rate
Low product value A: CC B: CC + CO2 G: CC+Desal H: CC+Desal+CO2

5% discount rate $24.42 $37.66 $26.19 $39.35

10% discount rate $27.04 $43.39 $29.60 $45.87

Medium product value A: CC B: CC + CO2 G: CC+Desal H: CC+Desal+CO2

5% discount rate $24.42 $37.66 $25.18 $38.12

10% discount rate $27.04 $43.39 $28.58 $44.64

High product value A: CC B: CC + CO2 G: CC+Desal H: CC+Desal+CO2

5% discount rate $24.42 $37.66 $24.16 $36.89

10% discount rate $27.04 $43.39 $27.56 $43.41
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As seen in the tables above, the cost of reducing CO2 emissions using the
multi-product systems and assuming a lower cost of capital is reduced
because the capital cost of the CO2 removal system is high.

This results in improvement of the cogeneration systems coupled with the
CO2 removal systems, however the costs are still substantially above the
cases without CO2 removal.
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20. Conclusions

From this analysis, the following conclusions are drawn:
¨ The CO2 removal process and the second product (cogeneration)

processes (district heating, district cooling and desalination) all use heat
from the low temperature end of the combined cycle plant.  The HRSG exit
gas temperature is expected to be naturally low for the next generation
combined cycle plants which are optimised for high efficiency operation
on low sulphur natural gas, and assuming the availability of once through
salt water cooling for the condenser.  This leaves only a small amount of
“free” heat at the bottom of the combined cycle process and this is only
available at low temperature which limits its direct application to district
heating plants only.  The amount of extractable heat from this source is
comparatively small.

¨ The second product (cogeneration) systems (district heating, district
cooling and desalination) only appeared to be beneficial for high values of
the second product, and in general higher than the base benchmark rates
assumed in this study, when compared with the combined cycle plant
without CO2 removal.

¨ The district heating process may absorb heat (as sensible heat) from a
relatively low temperature (eg 40oC) relative to its nominal maximum
temperature (eg 70oC).  Since the heat is absorbed from the low grade
section of the combined cycle plant via counterflow heat exchangers, a
considerably larger amount of heat may be utilised at lesser cost (in terms
of lost electricity output) compared with the alternative district cooling and
desalination systems which absorb heat at approximately constant
temperature (the top process temperature involves evaporation in each
case, which creates a pinch point effect).  This temperature advantage
makes district heating more amenable to incorporation into both the
combined cycle plant and the CO2 removal plant.

¨ The amine absorption CO2 removal process integrated with the combined
cycle system has a very high cost of CO2 emissions saved because of the
high capital cost of the removal process and the performance penalties it
imposes on the combined cycle plant net output and heat rate.

¨ Combining the CO2 removal process and the second product has a
beneficial effect as the second product can draw some synergies from the
combined cycle plant and CO2 removal processes.  In particular:
− the district heating scheme can draw some heat from the HRSG

exhaust thereby potentially offsetting some of the capital cost of the
CO2 removal process (the direct contact cooler) as the CO2 absorber
section of the CO2 removal process has a practical temperature limit of
around 40oC gas inlet temperature (higher temperatures are possible
but with markedly poorer performance).  This is limited to about 15 to
30MWth of heat for the 500MW combined cycle plant.
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− the district heating and desalination processes can be integrated into
the CO2 removal process by drawing on some of the reject heat from
the process, notably the CO2 Regenerator Condenser which might be
split into two sections with the higher grade heat (near 90oC) used in
the district heating or desalination processes and the lower grade heat
(down to 40oC) rejected to the cooling system.  This can also be
applied to the district cooling scheme but district cooling requires a
high value of the cooling effect to be attractive.

¨ In any case, the cost of reducing CO2 emissions in this fashion remains
high (over $40/T CO2 saved).
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MED Multiple effects desalination
MSF Multi-stage flash desalination
O & M Operations and maintenance
OEM Original equipment manufacturer
TEA Tri-ethanolamine
USD United States dollars
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

Standard power gen parameters

BASE DATA
NOTES: 1. Data is from in house resources Base currency USD

2. All costs are 1998 Derived currency, unless noted Derived currency USD
3. Base capital costs do not include: Exchange rate 1.00 Direct quote basis

Site specifics (e.g. long interconnects)
Staged construction factors

4. Cell requires input

GENERATION DATA

Allowance for T&D losses 0.0%

Design availability factor 90.0%
Design max output (0 = MCR) 0 MW

Gas LHV 45.86 MJ/kg
Gas HHV 50.90 MJ/kg
Ratio LHV/HHV 0.901

Allowance for average power degradation 2.5%
Allowance for average heat rate degradation 1.5%

GAS COST DATA
GT/DUCT BURNER GAS
Gas price 2.00$                    USD $2.00 /GJ HHV USD

WATER USAGE DATA

Approx nominal steam turbine total steam rate (for blowdown) 2.50 T/h/MWe re steam turbine
Blowdown and other steam cycle losses incl WTP loss 2%

Demin Regeneration & filter backwash losses 10%
USD USD

Water cost 0.25$                    $0.25 /T Potable water - assumed
Steam cycle water treatment costs 0.20$                    $0.20 /T Nil sewer cost included
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FINANCIAL DATA
Amortisation rate 10.0% Real Before tax
Amortisation period 25.00 years
Amortisation factor 0.110

IDC Calculation (Cost of front end works ignored) IDC taken at  interest rate below
Combined Cycle & multi-product case
Year -4 -3 -2 -1 0
% Expenditure 0% 0% 0% 40% 60%
IDC factor 0.0000 0.0000 0.0000 0.4398 0.6000
Total IDC 4.0%

IDC Interest rate 10.0% Real
IDC amortisation factor 0.110 Capitalised 

Owner's engineering 3.0%  
Owner's contingency 3.0% Note Contractor's contingency incl in base capital cost also
Initial spares inventory 2.0% Strategic & consummable
Permits, licences and approvals 1.0%
Start-Up costs 2.0%
Financing costs, IPP non-recourse basis 6.0%

LABOUR USD USD
Annual average cost per staff 50,000$          $50,000 /annum/person
COMBINED CYCLE & COGEN
STAFFING PER SHIFT TOTAL
DAYSHIFT (5 DAYS)
Manager 1.00 1.00
Administration 1.00 1.00
Maintenance supervision 1.00 1.00
Mechanical engineer 1.00 1.00
Electrical engineer 1.00 1.00
C&I engineer 1.00 1.00
Water treatment specialist 1.00 1.00
Trades 2.00 2.00
Trades assistants 0.00 0.00
DAYSHIFT (7 DAYS)
Stockpile/fuel handling 0.00 0.00
Gatehouse/Weighbridge 0.00 0.00
SHIFT
Shift supervisor 1.00 4.50
Operators/attendants 2.00 9.00
TOTAL EQUIVALENT MANNING 22.50
Annual labour cost $1,125,000 /a

NOTES: 1. The above manning strategy is indicative 
2. Shift manning is based upon 1960h per post, 8760 hours attended.
3. Annual average per person cost is intended to cover direct and indirect costs

OTHER FIXED O&M

 Other fixed O&M % direct cap cost
Insurance, fees etc 2.00%
Fixed maintenance 2.00%
Land (rent, rates) 0.00%
Outside services (accounting, legal, engineering) & fees 2.00%
Other fixed O&M 0.00%

Note majority of maintenance is variable

VARIABLE O&M COSTS
USD USD

VARIABLE O&M COSTS $/MWh (net) $/MWh (net)
Variable maintenance GT's INDUSTRIAL 1.25 1.25

AERODERIVATIVE 2.00 2.00
Variable maintenance ST 0.60 0.60
Variable maintenance (boilers and BOP) 0.00 0.00
Consumable spares 0.70 0.70
Chemicals, oils, other consummables 0.60 0.60
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

Standard power gen parameters

SUMMARY
Base Data

Design availability factor 90% Amortisation rate: 10% Real Before tax
Max output (0 = MCR) 0.00 MW Amortisation period 25.00 years
Power degradation allowance 2.5%
Heat rate degradation allowance 1.5% IDC factor - Combined cycle 4.0%
T&D allowance 0.0%

Gas cost for generation $2.00 /GJ All money terms are USD
Raw water cost $0.25 /T
Water treatment cost for steam cycle (demin) $0.20 /T

Configuration A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2
Part load % 100% 100% 100% 100% 100% 100% 100% 100%
Capacity factor % 90% 90% 90% 90% 90% 90% 90% 90%
Net degr (MCR) MW 470.9 389.8 464.7 387.4 457.1 376.0 460.4 381.3
Sent out MWh/a 3,712,773          3,073,380                 3,663,892          3,054,065                        3,603,974          2,964,581                        3,630,123                 3,006,228                              

Net H.R. degr HHV kJ/kWh 7022 8483 7116 8537 7234 8795 7182 8673
Net H.R. degr LHV kJ/kWh 6327 7643 6411 7692 6518 7924 6471 7814
Total gas PJ/a HHV 26.072 26.072 26.072 26.072 26.072 26.072 26.072 26.072

Raw water usage T/h 9.1 9.1 9.1 9.1 9.1 9.1 9.1 9.1
T/a 71,583              71,583                      71,583               71,583                            71,583               71,583                            71,583                     71,583                                  

Treated water T/a 65,076              65,076                      65,076               65,076                            65,076               65,076                            65,076                     65,076                                  

CC EPC component $197,770,015 $197,770,015 $197,770,015 $197,770,015 $197,770,015 $197,770,015 $194,599,016 $176,304,363
Multi-product EPC component $0 $0 $3,000,000 $7,500,000 $34,000,000 $35,000,000 $56,250,000 $61,850,000
CO2 removal EPC component $0 $159,900,000 $0 $145,900,000 $0 $159,900,000 $0 $159,900,000
Indirect capital costs $22,703,595 $41,059,789 $23,047,989 $40,313,603 $26,606,726 $45,077,718 $28,796,956 $45,695,830
Financing ca[ital costs $13,171,483 $23,820,823 $13,371,283 $23,387,923 $15,435,883 $26,151,823 $16,706,544 $26,510,421
Total capital, pre-IDC $232,696,200 $420,834,540 $236,226,000 $413,186,640 $272,700,600 $462,015,540 $295,148,952 $468,350,764
IDC $9,271,419 $16,767,499 $9,412,058 $16,462,780 $10,865,332 $18,408,291 $11,759,752 $18,660,709

#staff 22.50 44.50 22.50 44.50 22.50 44.50 27.00 49.00

Specific generation cost, Low Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $14.23 $17.07 $14.47 $17.59 $14.36 $17.35
Capital cost $6.88 $15.04 $7.08 $14.86 $8.31 $17.12 $8.93 $17.11
IDC $0.27 $0.60 $0.28 $0.59 $0.33 $0.68 $0.36 $0.68
Fixed O&M $3.50 $7.71 $3.59 $7.63 $4.17 $8.70 $4.52 $8.76
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.99 $3.86 $2.43 $3.19
SubTotal $27.04 $43.39 $27.53 $43.23 $30.28 $47.96 $30.61 $47.10
Multi-product rebate $0.00 $0.00 $0.00 $0.00 $1.18 $1.44 $1.02 $1.23
Total on sent-out elec $27.04 $43.39 $27.53 $43.23 $29.10 $46.52 $29.60 $45.87

Specific generation cost, Medium Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $14.23 $17.07 $14.47 $17.59 $14.36 $17.35
Capital cost $6.88 $15.04 $7.08 $14.86 $8.31 $17.12 $8.93 $17.11
IDC $0.27 $0.60 $0.28 $0.59 $0.33 $0.68 $0.36 $0.68
Fixed O&M $3.50 $7.71 $3.59 $7.63 $4.17 $8.70 $4.52 $8.76
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.99 $3.86 $2.43 $3.19
SubTotal $27.04 $43.39 $27.53 $43.23 $30.28 $47.96 $30.61 $47.10
Multi-product rebate $0.00 $0.00 $0.77 $0.93 $2.36 $2.87 $2.03 $2.45
Total on sent-out elec $27.04 $43.39 $26.76 $42.30 $27.92 $45.09 $28.58 $44.64

Specific generation cost, High Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $14.23 $17.07 $14.47 $17.59 $14.36 $17.35
Capital cost $6.88 $15.04 $7.08 $14.86 $8.31 $17.12 $8.93 $17.11
IDC $0.27 $0.60 $0.28 $0.59 $0.33 $0.68 $0.36 $0.68
Fixed O&M $3.50 $7.71 $3.59 $7.63 $4.17 $8.70 $4.52 $8.76
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.99 $3.86 $2.43 $3.19
SubTotal $27.04 $43.39 $27.53 $43.23 $30.28 $47.96 $30.61 $47.10
Multi-product rebate $0.00 $0.00 $1.55 $1.86 $3.54 $4.31 $3.05 $3.68
Total on sent-out elec $27.04 $43.39 $25.98 $41.37 $26.74 $43.65 $27.56 $43.41
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Specific generation cost, Low Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $14.23 $17.07 $13.29 $16.15 $13.35 $16.12
Capital cost $6.88 $15.04 $7.08 $14.86 $8.31 $17.12 $8.93 $17.11
IDC $0.27 $0.60 $0.28 $0.59 $0.33 $0.68 $0.36 $0.68
Fixed O&M $3.50 $7.71 $3.59 $7.63 $4.17 $8.70 $4.52 $8.76
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.99 $3.86 $2.43 $3.19
Multi-product rebate $0.00 $0.00 $0.00 $0.00 ($1.18) ($1.44) ($1.02) ($1.23)

Specific generation cost, Medium Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $13.46 $16.14 $12.11 $14.72 $12.33 $14.89
Capital cost $6.88 $15.04 $7.08 $14.86 $8.31 $17.12 $8.93 $17.11
IDC $0.27 $0.60 $0.28 $0.59 $0.33 $0.68 $0.36 $0.68
Fixed O&M $3.50 $7.71 $3.59 $7.63 $4.17 $8.70 $4.52 $8.76
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.99 $3.86 $2.43 $3.19
Multi-product rebate $0.00 $0.00 ($0.77) ($0.93) ($2.36) ($2.87) ($2.03) ($2.45)

Specific generation cost, Low Multi-Product case
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Specific generation cost, High Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.04 $16.97 $12.68 $15.22 $10.92 $13.28 $11.32 $13.66
Capital cost $6.88 $15.04 $7.08 $14.86 $8.31 $17.12 $8.93 $17.11
IDC $0.27 $0.60 $0.28 $0.59 $0.33 $0.68 $0.36 $0.68
Fixed O&M $3.50 $7.71 $3.59 $7.63 $4.17 $8.70 $4.52 $8.76
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.99 $3.86 $2.43 $3.19
Multi-product rebate $0.00 $0.00 ($1.55) ($1.86) ($3.54) ($4.31) ($3.05) ($3.68)

Specific generation cost, High Multi-Product case
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

WACC Calculation
Risk free rate 5.91%
Market risk premium 6.00%
Inflation rate 3.00%
Debt margin 2.00%
Beta 1.00
Tax rate 36.0%
Value of imputation 0%
Leverage 50%

Re 11.9%
Rd 7.9%
WACC, post tax nominal 8.5%
WACC, pretax nominal 13.3%
WACC, pretax real 10.0%
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IEA Greenhouse Gas R&D Programme
CAPITAL COST ESTIMATE All values x1000
System A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2
Name of second product None None District heat District heat District cool District cool Desal water Desal water
Capacity of second product plant, per hour 0 T 0 T 0 T 0 T 0 T 0 T 0 T 0 T

USD USD USD USD USD USD USD USD USD USD USD USD USD USD USD USD
Cost Item Factor A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

SUPPLY AND INSTALL EPC COST
COMBINED CYCLE COMPONENT
Gas Turbine World FOB (USD)
Installation
Gas Turbine genset(s) 58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       58,000$       
Heat recovery boiler(s) 28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       28,496$       
Duct burner(s) -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            
Water treatment & makeup system 104$            104$            104$            104$            104$            104$            104$            104$            104$            104$            104$            104$            104$            104$            104$            104$            
Steam Turbine genset(s) 38,442$       38,442$       38,442$       38,442$       38,442$       38,442$       38,442$       38,442$       38,442$       38,442$       38,442$       38,442$       36,043$       36,043$       22,204$       22,204$       
Condenser(s)/cooling system 2,274$         2,274$         2,274$         2,274$         2,274$         2,274$         2,274$         2,274$         2,274$         2,274$         2,274$         2,274$         2,132$         2,132$         1,314$         1,314$         
Fuel handling system 5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         5,800$         
Miscellaneous auxiliaries 3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         3,594$         
Mechanical & electrical hardware 14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       14,377$       
Controls 6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         6,766$         
Transformers, interconnect & switchgear 7,480$         7,480$         7,480$         7,480$         7,480$         7,480$         7,480$         7,480$         7,480$         7,480$         7,480$         7,480$         7,327$         7,327$         6,441$         6,441$         
Site preparation & buildings 2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         2,696$         
Engineering 7% 11,762$       11,762$       11,762$       11,762$       11,762$       11,762$       11,762$       11,762$       11,762$       11,762$       11,762$       11,762$       11,573$       11,573$       10,485$       10,485$       
Contractors contingency and margin 10% 17,979$       17,979$       17,979$       17,979$       17,979$       17,979$       17,979$       17,979$       17,979$       17,979$       17,979$       17,979$       17,691$       17,691$       16,028$       16,028$       
SUBTOTAL - Combined cycle component 197,770$     197,770$     197,770$     197,770$     197,770$     197,770$     197,770$     197,770$     197,770$     197,770$     197,770$     197,770$     194,599$     194,599$     176,304$     176,304$     
MULTI-PRODUCT SYSTEM EPC COST COMPONENT
Multi-product system EPC cost component -$            -$            -$            -$            3,000$         3,000$         7,500$         7,500$         34,000$       34,000$       34,000$       34,000$       56,250$       56,250$       56,250$       56,250$       
Adder #1 0% -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            1,000$         1,000$         -$            -$            5,600$         5,600$         
Adder #2 0% -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            
SUBTOTAL - Multi-product system component -$            -$            -$            -$            3,000$         3,000$         7,500$         7,500$         34,000$       34,000$       35,000$       35,000$       56,250$       56,250$       61,850$       61,850$       
CO2 SYSTEM EPC COST COMPONENT
CO2 system EPC cost component -$            -$            130,800$     130,800$     -$            -$            130,800$     130,800$     -$            -$            130,800$     130,800$     -$            -$            130,800$     130,800$     
CO2 Compression and Drying Plant -$            -$            29,100$       29,100$       -$            -$            29,100$       29,100$       -$            -$            29,100$       29,100$       -$            -$            29,100$       29,100$       
Adder #1 0% -$            -$            -$            -$            -$            -$            (14,000)$      (14,000)$      -$            -$            -$            -$            -$            -$            -$            -$            
Adder #2 0% -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            -$            
SUBTOTAL - CO2 system component -$            -$            159,900$     159,900$     -$            -$            145,900$     145,900$     -$            -$            159,900$     159,900$     -$            -$            159,900$     159,900$     

SUBTOTAL SUPPLY AND INSTALL EPC COST 197,770$   197,770$   357,670$   357,670$   200,770$   200,770$   351,170$   351,170$   231,770$   231,770$   392,670$   392,670$   250,849$   250,849$   398,054$   398,054$   
INDIRECTS
Owners Engineering 3% 5,933$         5,933$         10,730$       10,730$       6,023$         6,023$         10,535$       10,535$       6,953$         6,953$         11,780$       11,780$       7,525$         7,525$         11,942$       11,942$       
Owners Contingency 3% 5,933$         5,933$         10,730$       10,730$       6,023$         6,023$         10,535$       10,535$       6,953$         6,953$         11,780$       11,780$       7,525$         7,525$         11,942$       11,942$       
Spares 2% 3,955$         3,955$         7,153$         7,153$         4,015$         4,015$         7,023$         7,023$         4,635$         4,635$         7,853$         7,853$         5,017$         5,017$         7,961$         7,961$         
Startups 2% 3,955$         3,955$         7,153$         7,153$         4,015$         4,015$         7,023$         7,023$         4,635$         4,635$         7,853$         7,853$         5,017$         5,017$         7,961$         7,961$         
Insurance etc. 1% 1,978$         1,978$         3,577$         3,577$         2,008$         2,008$         3,512$         3,512$         2,318$         2,318$         3,927$         3,927$         2,508$         2,508$         3,981$         3,981$         
SUBTOTAL INDIRECTS 21,755$     21,755$     39,344$     39,344$     22,085$     22,085$     38,629$     38,629$     25,495$     25,495$     43,194$     43,194$     27,593$     27,593$     43,786$     43,786$     
FINANCE COSTS
IPP non-recourse basis incl approvals, pre-
engineering, financial instruments, due diligence, 
legals etc) 6% 13,171$       13,171$       23,821$       23,821$       13,371$       13,371$       23,388$       23,388$       15,436$       15,436$       26,152$       26,152$       16,707$       16,707$       26,510$       26,510$       

TOTAL CAPITAL COSTS 232,696$   232,696$   420,835$   420,835$   236,226$   236,226$   413,187$   413,187$   272,701$   272,701$   462,016$   462,016$   295,149$   295,149$   468,351$   468,351$   

Note :  Shown is the ringfenced, greenfields capital cost with minimal interconnects
IDC is excluded, calculate separately
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

A: CC A: CC
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 0 MW -              MWh
Adjust for CO2 system impact on output 0 MW -              MWh 494.7 MW gross undeg
Annual sent out power at design c.f. 470.9 MW 3,712,773  MWh DEGRADED 482.7 MW net undeg
Net HR after adjustments 7022 kJ/kWh Net HHV 51.3% DEGRADED 6919 undeg 52.0%

6327 kJ/kWh Net LHV 56.9% DEGRADED 6233 undeg 57.8%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $14.04 /MWh

Note fixed component $0
Note variable component $14.04 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 0%
Impact on CC plant output Gross -                  MWe
Additional parasitics -                  MWe

SECOND PRODUCT DATA
Name of product None
Units of output T
Capacity of plant -                  T per hour
Output when CC plant is at MCR (ie average) -                  T per hour
Impact on CC plant output Gross -                  MWe per T per hour
Additional parasitics -                  MWe per T per hour
Additional O&M -$                per T
Value of product Low Med High

$ per T 1.00$              2.00$          3.00$          
Unit impact on cost of electricity $/MWh $0.00 $0.00 $0.00
Annual value of product $/a $0 $0 $0
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 197,770$        
SUBTOTAL - Multi-product system component -$                
SUBTOTAL - CO2 system component -$                

TOTAL DIRECT (EPC) COSTS 197,770$        
Owner's engineering 5,933$            
Owner's contingency 5,933$            
Spares 3,955$            
Permits, licences and approvals 1,978$            
Start-Up costs 3,955$            

TOTAL CAPITAL COST 219,525$        
 FINANCING CHARGES 13,171$          

TOTAL CAPITAL COMMITMENT 232,696$        

Fixed annual cost $25,558,582 /a
Unit cost  @ design capacity factor $6.88 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $9,271,419
Fixed annual cost $1,018,342 /a
Unit cost  @ design capacity factor $0.27 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $25,558,582 /a
Additions for multi-product system 0.00 IDC $1,018,342 /a
Additions for CO2 removal system 0.00 Fixed O&M $12,991,201 /a
  .   Total Equivalent Manning 22.50 Total fixed costs $39,568,125 /a

1,125,000$    Specific fixed cost $84,022 /MW/a (sent out, degraded)

Insurance, fees etc 3,955,400$    Unit cost  @ design capacity factor $10.66 /MWh
Fixed maintenance 3,955,400$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 3,955,400$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $12,991,201 /a Variable component of fuel $14.04 /MWh
Unit cost  @ design capacity factor $3.50 /MWh Water $0.01 /MWh

Variable O&M $2.33 /MWh
VARIABLE O&M COSTS Total variable costs $16.39 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 3,712,773        MWh/a net
Variable maintenance ST 0.20 Total cost 100,406,723$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $27.04 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.00
Variable O&M re CO2 removal system 0.00
Total variable O&M 2.33
Total annual variable O&M cost at design c.f. $8,663,136 /a
Unit cost  @ design capacity factor $2.33 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

A: CC
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $14.04 /MWh 51.9%
Capital cost $6.88 /MWh 25.5%
IDC $0.27 /MWh 1.0%
Fixed O&M $3.50 /MWh 12.9%
Water $0.01 /MWh 0.0%
Variable O&M $2.33 /MWh 8.6%
SUB-TOTAL $27.04 /MWh 100.0%

    LESS Second product rebate (low/med/high) -$           $0.00 -$         
TOTAL 27.04$        $27.04 27.04$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $27.04 /MWh
Total electricity cost at design c.f. $27.04 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 235.5 2,062,652    $73,367,346 $35.57 $35.57 $35.57
55% 15.93 259.0 2,268,917    $76,747,268 $33.83 $33.83 $33.83
60% 17.38 282.6 2,475,182    $80,127,190 $32.37 $32.37 $32.37
65% 18.83 306.1 2,681,447    $83,507,112 $31.14 $31.14 $31.14
70% 20.28 329.6 2,887,712    $86,887,034 $30.09 $30.09 $30.09
75% 21.73 353.2 3,093,977    $90,266,956 $29.18 $29.18 $29.18
80% 23.18 376.7 3,300,242    $93,646,879 $28.38 $28.38 $28.38
85% 24.62 400.3 3,506,508    $97,026,801 $27.67 $27.67 $27.67
90% 26.07 423.8 3,712,773    $100,406,723 $27.04 $27.04 $27.04
95% 27.52 447.4 3,919,038    $103,786,645 $26.48 $26.48 $26.48

100% 28.97 470.9 4,125,303    $107,166,567 $25.98 $25.98 $25.98

A: CC
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

B: CC + CO2 B: CC + CO2
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 0 MW -              MWh
Adjust for CO2 system impact on output 81 MW 639,392     MWh 443.6 MW gross undeg
Annual sent out power at design c.f. 389.8 MW 3,073,380  MWh DEGRADED 399.6 MW net undeg
Net HR after adjustments 8483 kJ/kWh Net HHV 42.4% DEGRADED 8358 undeg 43.1%

7643 kJ/kWh Net LHV 47.1% DEGRADED 7530 undeg 47.8%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $16.97 /MWh

Note fixed component $0
Note variable component $16.97 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 90%
Impact on CC plant output Gross 49.10              MWe
Additional parasitics 32.00              MWe

SECOND PRODUCT DATA
Name of product None
Units of output T
Capacity of plant -                  T per hour
Output when CC plant is at MCR (ie average) -                  T per hour
Impact on CC plant output Gross -                  MWe per T per hour
Additional parasitics -                  MWe per T per hour
Additional O&M -$                per T
Value of product Low Med High

$ per T 1.00$              2.00$          3.00$          
Unit impact on cost of electricity $/MWh $0.00 $0.00 $0.00
Annual value of product $/a $0 $0 $0
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 197,770$        
SUBTOTAL - Multi-product system component -$                
SUBTOTAL - CO2 system component 159,900$        

TOTAL DIRECT (EPC) COSTS 357,670$        
Owner's engineering 10,730$          
Owner's contingency 10,730$          
Spares 7,153$            
Permits, licences and approvals 3,577$            
Start-Up costs 7,153$            

TOTAL CAPITAL COST 397,014$        
 FINANCING CHARGES 23,821$          

TOTAL CAPITAL COMMITMENT 420,835$        

Fixed annual cost $46,223,076 /a
Unit cost  @ design capacity factor $15.04 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $16,767,499
Fixed annual cost $1,841,687 /a
Unit cost  @ design capacity factor $0.60 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $46,223,076 /a
Additions for multi-product system 0.00 IDC $1,841,687 /a
Additions for CO2 removal system 22.00 Fixed O&M $23,685,201 /a
  .   Total Equivalent Manning 44.50 Total fixed costs $71,749,963 /a

2,225,000$    Specific fixed cost $184,057 /MW/a (sent out, degraded)

Insurance, fees etc 7,153,400$    Unit cost  @ design capacity factor $23.35 /MWh
Fixed maintenance 7,153,400$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 7,153,400$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $23,685,201 /a Variable component of fuel $16.97 /MWh
Unit cost  @ design capacity factor $7.71 /MWh Water $0.01 /MWh

Variable O&M $3.06 /MWh
VARIABLE O&M COSTS Total variable costs $20.04 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 3,073,380        MWh/a net
Variable maintenance ST 0.20 Total cost 133,340,213$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $43.39 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.00
Variable O&M re CO2 removal system 0.73
Total variable O&M 3.06
Total annual variable O&M cost at design c.f. $9,414,788 /a
Unit cost  @ design capacity factor $3.06 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

B: CC + CO2
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $16.97 /MWh 39.1%
Capital cost $15.04 /MWh 34.7%
IDC $0.60 /MWh 1.4%
Fixed O&M $7.71 /MWh 17.8%
Water $0.01 /MWh 0.0%
Variable O&M $3.06 /MWh 7.1%
SUB-TOTAL $43.39 /MWh 100.0%

    LESS Second product rebate (low/med/high) -$           $0.00 -$         
TOTAL 43.39$        $43.39 43.39$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $43.39 /MWh
Total electricity cost at design c.f. $43.39 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 194.9 1,707,434  $105,966,769 $62.06 $62.06 $62.06
55% 15.93 214.4 1,878,177  $109,388,449 $58.24 $58.24 $58.24
60% 17.38 233.9 2,048,920  $112,810,130 $55.06 $55.06 $55.06
65% 18.83 253.4 2,219,664  $116,231,810 $52.36 $52.36 $52.36
70% 20.28 272.9 2,390,407  $119,653,491 $50.06 $50.06 $50.06
75% 21.73 292.4 2,561,150  $123,075,171 $48.05 $48.05 $48.05
80% 23.18 311.9 2,731,894  $126,496,852 $46.30 $46.30 $46.30
85% 24.62 331.4 2,902,637  $129,918,533 $44.76 $44.76 $44.76
90% 26.07 350.8 3,073,380  $133,340,213 $43.39 $43.39 $43.39
95% 27.52 370.3 3,244,124  $136,761,894 $42.16 $42.16 $42.16

100% 28.97 389.8 3,414,867  $140,183,574 $41.05 $41.05 $41.05

B: CC + CO2
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

C: CC+DH C: CC+DH
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 6.2 MW 48,881          MWh
Adjust for CO2 system impact on output 0 MW -                MWh 488.7 MW gross undeg
Annual sent out power at design c.f. 464.7 MW 3,663,892    MWh DEGRADED 476.3 MW net undeg
Net HR after adjustments 7116 kJ/kWh Net HHV 50.6% DEGRADED 7011 undeg 51.3%

6411 kJ/kWh Net LHV 56.2% DEGRADED 6317 undeg 57.0%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $14.23 /MWh

Note fixed component $0
Note variable component $14.23 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 0%
Impact on CC plant output Gross -                  MWe
Additional parasitics -                  MWe

SECOND PRODUCT DATA Note:
Name of product District heat 100.00 MWth = 360.00 GJ/h
Units of output GJth Conversion factor 1.00 Gjth/Gjth
Capacity of plant 360.00            GJth per hour CC impact = 0.12 Mwe/Mwth
Output when CC plant is at MCR (ie average) 180.00            GJth per hour Load factor 50%
Impact on CC plant output Gross 0.03                MWe per GJth per hour
Additional parasitics 0.002              MWe per GJth per hour
Additional O&M -$                per GJth
Value of product Low Med High

$ per GJth -$                2.00$          4.00$            
Unit impact on cost of electricity $/MWh $0.00 $0.77 $1.55
Annual value of product $/a $0 $2,838,240 $5,676,480
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 197,770$        
SUBTOTAL - Multi-product system component 3,000$            
SUBTOTAL - CO2 system component -$                

TOTAL DIRECT (EPC) COSTS 200,770$        
Owner's engineering 6,023$            
Owner's contingency 6,023$            
Spares 4,015$            
Permits, licences and approvals 2,008$            
Start-Up costs 4,015$            

TOTAL CAPITAL COST 222,855$        
 FINANCING CHARGES 13,371$          

TOTAL CAPITAL COMMITMENT 236,226$        

Fixed annual cost $25,946,283 /a
Unit cost  @ design capacity factor $7.08 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $9,412,058
Fixed annual cost $1,033,789 /a
Unit cost  @ design capacity factor $0.28 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $25,946,283 /a
Additions for multi-product system 0.00 IDC $1,033,789 /a
Additions for CO2 removal system 0.00 Fixed O&M $13,171,201 /a
  .   Total Equivalent Manning 22.50 Total fixed costs $40,151,274 /a

1,125,000$    Specific fixed cost $86,398 /MW/a (sent out, degraded)

Insurance, fees etc 4,015,400$    Unit cost  @ design capacity factor $10.96 /MWh
Fixed maintenance 4,015,400$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 4,015,400$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $13,171,201 /a Variable component of fuel $14.23 /MWh
Unit cost  @ design capacity factor $3.59 /MWh Water $0.01 /MWh

Variable O&M $2.33 /MWh
VARIABLE O&M COSTS Total variable costs $16.57 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 3,663,892        MWh/a net
Variable maintenance ST 0.20 Total cost 100,875,816$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $27.53 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.00
Variable O&M re CO2 removal system 0.00
Total variable O&M 2.33
Total annual variable O&M cost at design c.f. $8,549,081 /a
Unit cost  @ design capacity factor $2.33 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

C: CC+DH
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $14.23 /MWh 51.7%
Capital cost $7.08 /MWh 25.7%
IDC $0.28 /MWh 1.0%
Fixed O&M $3.59 /MWh 13.1%
Water $0.01 /MWh 0.0%
Variable O&M $2.33 /MWh 8.5%
SUB-TOTAL $27.53 /MWh 100.0%

    LESS Second product rebate (low/med/high) -$           $0.77 1.55$        
TOTAL 27.53$        $26.76 25.98$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $27.53 /MWh
Total electricity cost at design c.f. $26.76 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 232.4 2,035,496  $73,887,131 $36.30 $35.52 $34.75
55% 15.93 255.6 2,239,045  $77,260,716 $34.51 $33.73 $32.96
60% 17.38 278.8 2,442,595  $80,634,302 $33.01 $32.24 $31.46
65% 18.83 302.1 2,646,144  $84,007,888 $31.75 $30.97 $30.20
70% 20.28 325.3 2,849,694  $87,381,474 $30.66 $29.89 $29.11
75% 21.73 348.5 3,053,243  $90,755,059 $29.72 $28.95 $28.17
80% 23.18 371.8 3,256,793  $94,128,645 $28.90 $28.13 $27.35
85% 24.62 395.0 3,460,342  $97,502,231 $28.18 $27.40 $26.63
90% 26.07 418.3 3,663,892  $100,875,816 $27.53 $26.76 $25.98
95% 27.52 441.5 3,867,441  $104,249,402 $26.96 $26.18 $25.41

100% 28.97 464.7 4,070,991  $107,622,988 $26.44 $25.66 $24.89

C: CC+DH
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

D: CC+DH+CO2 D: CC+DH+CO2
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 2.5 MW 19,316        MWh
Adjust for CO2 system impact on output 81.1 MW 639,392     MWh 441.5 MW gross undeg
Annual sent out power at design c.f. 387.4 MW 3,054,065  MWh DEGRADED 397.1 MW net undeg
Net HR after adjustments 8537 kJ/kWh Net HHV 42.2% DEGRADED 8411 undeg 42.8%

7692 kJ/kWh Net LHV 46.8% DEGRADED 7578 undeg 47.5%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $17.07 /MWh

Note fixed component $0
Note variable component $17.07 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 90%
Impact on CC plant output Gross 49.10              MWe
Additional parasitics 32.00              MWe

SECOND PRODUCT DATA Note:
Name of product District heat 100.00 MWth = 360.00 GJ/h
Units of output GJth Conversion factor 1.00 Gjth/Gjth
Capacity of plant 360.00            GJth per hour CC impact = 0.04 Mwe/Mwth
Output when CC plant is at MCR (ie average) 180.00            GJth per hour Load factor 50%
Impact on CC plant output Gross 0.01                MWe per GJth per hour
Additional parasitics 0.002              MWe per GJth per hour
Additional O&M -$                per GJth
Value of product Low Med High

$ per GJth -$                2.00$          4.00$          
Unit impact on cost of electricity $/MWh $0.00 $0.93 $1.86
Annual value of product $/a $0 $2,838,240 $5,676,480
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 197,770$        
SUBTOTAL - Multi-product system component 7,500$            
SUBTOTAL - CO2 system component 145,900$        

TOTAL DIRECT (EPC) COSTS 351,170$        
Owner's engineering 10,535$          
Owner's contingency 10,535$          
Spares 7,023$            
Permits, licences and approvals 3,512$            
Start-Up costs 7,023$            

TOTAL CAPITAL COST 389,799$        
 FINANCING CHARGES 23,388$          

TOTAL CAPITAL COMMITMENT 413,187$        

Fixed annual cost $45,383,055 /a
Unit cost  @ design capacity factor $14.86 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $16,462,780
Fixed annual cost $1,808,217 /a
Unit cost  @ design capacity factor $0.59 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $45,383,055 /a
Additions for multi-product system 0.00 IDC $1,808,217 /a
Additions for CO2 removal system 22.00 Fixed O&M $23,295,201 /a
  .   Total Equivalent Manning 44.50 Total fixed costs $70,486,474 /a

2,225,000$    Specific fixed cost $181,959 /MW/a (sent out, degraded)

Insurance, fees etc 7,023,400$    Unit cost  @ design capacity factor $23.08 /MWh
Fixed maintenance 7,023,400$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 7,023,400$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $23,295,201 /a Variable component of fuel $17.07 /MWh
Unit cost  @ design capacity factor $7.63 /MWh Water $0.01 /MWh

Variable O&M $3.06 /MWh
VARIABLE O&M COSTS Total variable costs $20.15 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 3,054,065        MWh/a net
Variable maintenance ST 0.20 Total cost 132,017,553$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $43.23 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.00
Variable O&M re CO2 removal system 0.73
Total variable O&M 3.06
Total annual variable O&M cost at design c.f. $9,355,618 /a
Unit cost  @ design capacity factor $3.06 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

D: CC+DH+CO2
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $17.07 /MWh 39.5%
Capital cost $14.86 /MWh 34.4%
IDC $0.59 /MWh 1.4%
Fixed O&M $7.63 /MWh 17.6%
Water $0.01 /MWh 0.0%
Variable O&M $3.06 /MWh 7.1%
SUB-TOTAL $43.23 /MWh 100.0%

    LESS Second product rebate (low/med/high) -$           $0.93 1.86$        
TOTAL 43.23$        $42.30 41.37$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $43.23 /MWh
Total electricity cost at design c.f. $42.30 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 193.7 1,696,703  $104,670,407 $61.69 $60.76 $59.83
55% 15.93 213.1 1,866,373  $108,088,800 $57.91 $56.98 $56.06
60% 17.38 232.4 2,036,043  $111,507,193 $54.77 $53.84 $52.91
65% 18.83 251.8 2,205,713  $114,925,587 $52.10 $51.17 $50.24
70% 20.28 271.2 2,375,384  $118,343,980 $49.82 $48.89 $47.96
75% 21.73 290.5 2,545,054  $121,762,373 $47.84 $46.91 $45.98
80% 23.18 309.9 2,714,724  $125,180,766 $46.11 $45.18 $44.25
85% 24.62 329.3 2,884,394  $128,599,160 $44.58 $43.66 $42.73
90% 26.07 348.6 3,054,065  $132,017,553 $43.23 $42.30 $41.37
95% 27.52 368.0 3,223,735  $135,435,946 $42.01 $41.08 $40.15

100% 28.97 387.4 3,393,405  $138,854,340 $40.92 $39.99 $39.06

D: CC+DH+CO2
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

E: CC+DC E: CC+DC
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 13.8 MW 108,799        MWh
Adjust for CO2 system impact on output 0 MW -                MWh 481.2 MW gross undeg
Annual sent out power at design c.f. 457.1 MW 3,603,974    MWh DEGRADED 468.6 MW net undeg
Net HR after adjustments 7234 kJ/kWh Net HHV 49.8% DEGRADED 7127 undeg 50.5%

6518 kJ/kWh Net LHV 55.2% DEGRADED 6422 undeg 56.1%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $14.47 /MWh

Note fixed component $0
Note variable component $14.47 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 0%
Impact on CC plant output Gross -                  MWe
Additional parasitics -                  MWe

SECOND PRODUCT DATA Note:
Name of product District cool 100.00 MWr = 360.00 GJ/h
Units of output GJr CoP = 0.65
Capacity of plant 360.00            GJr per hour CC impact = 0.286 Mwe/Mwth
Output when CC plant is at MCR (ie average) 108.00            GJr per hour Load factor 30%
Impact on CC plant output Gross 0.12                MWe per GJr per hour
Additional parasitics 0.006              MWe per GJr per hour
Additional O&M 2.78$              per GJr
Value of product Low Med High

$ per GJr 5.00$              10.00$        15.00$          
Unit impact on cost of electricity $/MWh $1.18 $2.36 $3.54
Annual value of product $/a $4,257,360 $8,514,720 $12,772,080
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 197,770$        
SUBTOTAL - Multi-product system component 34,000$          
SUBTOTAL - CO2 system component -$                

TOTAL DIRECT (EPC) COSTS 231,770$        
Owner's engineering 6,953$            
Owner's contingency 6,953$            
Spares 4,635$            
Permits, licences and approvals 2,318$            
Start-Up costs 4,635$            

TOTAL CAPITAL COST 257,265$        
 FINANCING CHARGES 15,436$          

TOTAL CAPITAL COMMITMENT 272,701$        

Fixed annual cost $29,952,533 /a
Unit cost  @ design capacity factor $8.31 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $10,865,332
Fixed annual cost $1,193,412 /a
Unit cost  @ design capacity factor $0.33 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $29,952,533 /a
Additions for multi-product system 0.00 IDC $1,193,412 /a
Additions for CO2 removal system 0.00 Fixed O&M $15,031,201 /a
  .   Total Equivalent Manning 22.50 Total fixed costs $46,177,146 /a

1,125,000$    Specific fixed cost $101,016 /MW/a (sent out, degraded)

Insurance, fees etc 4,635,400$    Unit cost  @ design capacity factor $12.81 /MWh
Fixed maintenance 4,635,400$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 4,635,400$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $15,031,201 /a Variable component of fuel $14.47 /MWh
Unit cost  @ design capacity factor $4.17 /MWh Water $0.01 /MWh

Variable O&M $2.99 /MWh
VARIABLE O&M COSTS Total variable costs $17.47 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 3,603,974        MWh/a net
Variable maintenance ST 0.20 Total cost 109,127,079$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $30.28 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.66
Variable O&M re CO2 removal system 0.00
Total variable O&M 2.99
Total annual variable O&M cost at design c.f. $10,774,472 /a
Unit cost  @ design capacity factor $2.99 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

E: CC+DC
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $14.47 /MWh 47.8%
Capital cost $8.31 /MWh 27.4%
IDC $0.33 /MWh 1.1%
Fixed O&M $4.17 /MWh 13.8%
Water $0.01 /MWh 0.0%
Variable O&M $2.99 /MWh 9.9%
SUB-TOTAL $30.28 /MWh 100.0%

    LESS Second product rebate (low/med/high) 1.18$          $2.36 3.54$        
TOTAL 29.10$        $27.92 26.74$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $30.28 /MWh
Total electricity cost at design c.f. $27.92 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 228.6 2,002,208  $81,149,331 $39.35 $38.17 $36.99
55% 15.93 251.4 2,202,428  $84,646,550 $37.25 $36.07 $34.89
60% 17.38 274.3 2,402,649  $88,143,768 $35.50 $34.32 $33.14
65% 18.83 297.1 2,602,870  $91,640,987 $34.03 $32.85 $31.66
70% 20.28 320.0 2,803,091  $95,138,205 $32.76 $31.58 $30.40
75% 21.73 342.8 3,003,311  $98,635,424 $31.66 $30.48 $29.30
80% 23.18 365.7 3,203,532  $102,132,642 $30.70 $29.52 $28.34
85% 24.62 388.6 3,403,753  $105,629,861 $29.85 $28.67 $27.49
90% 26.07 411.4 3,603,974  $109,127,079 $29.10 $27.92 $26.74
95% 27.52 434.3 3,804,194  $112,624,298 $28.42 $27.24 $26.06

100% 28.97 457.1 4,004,415  $116,121,516 $27.82 $26.64 $25.45

E: CC+DC
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

F: CC+DC+CO2 F: CC+DC+CO2
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 13.8 MW 108,799        MWh
Adjust for CO2 system impact on output 81.1 MW 639,392        MWh 430.0 MW gross undeg
Annual sent out power at design c.f. 376.0 MW 2,964,581    MWh DEGRADED 385.4 MW net undeg
Net HR after adjustments 8795 kJ/kWh Net HHV 40.9% DEGRADED 8665 undeg 41.5%

7924 kJ/kWh Net LHV 45.4% DEGRADED 7807 undeg 46.1%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $17.59 /MWh

Note fixed component $0
Note variable component $17.59 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 90%
Impact on CC plant output Gross 49.10              MWe
Additional parasitics 32.00              MWe

SECOND PRODUCT DATA Note:
Name of product District cool 100.00 MWr = 360.00 GJ/h
Units of output GJr CoP = 0.65
Capacity of plant 360.00            GJr per hour CC impact = 0.286 Mwe/Mwth
Output when CC plant is at MCR (ie average) 108.00            GJr per hour Load factor 30%
Impact on CC plant output Gross 0.12                MWe per GJr per hour
Additional parasitics 0.006              MWe per GJr per hour
Additional O&M 2.78$              per GJr
Value of product Low Med High

$ per GJr 5.00$              10.00$        15.00$          
Unit impact on cost of electricity $/MWh $1.44 $2.87 $4.31
Annual value of product $/a $4,257,360 $8,514,720 $12,772,080
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 197,770$        
SUBTOTAL - Multi-product system component 35,000$          
SUBTOTAL - CO2 system component 159,900$        

TOTAL DIRECT (EPC) COSTS 392,670$        
Owner's engineering 11,780$          
Owner's contingency 11,780$          
Spares 7,853$            
Permits, licences and approvals 3,927$            
Start-Up costs 7,853$            

TOTAL CAPITAL COST 435,864$        
 FINANCING CHARGES 26,152$          

TOTAL CAPITAL COMMITMENT 462,016$        

Fixed annual cost $50,746,261 /a
Unit cost  @ design capacity factor $17.12 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $18,408,291
Fixed annual cost $2,021,906 /a
Unit cost  @ design capacity factor $0.68 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $50,746,261 /a
Additions for multi-product system 0.00 IDC $2,021,906 /a
Additions for CO2 removal system 22.00 Fixed O&M $25,785,201 /a
  .   Total Equivalent Manning 44.50 Total fixed costs $78,553,367 /a

2,225,000$    Specific fixed cost $208,905 /MW/a (sent out, degraded)

Insurance, fees etc 7,853,400$    Unit cost  @ design capacity factor $26.50 /MWh
Fixed maintenance 7,853,400$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 7,853,400$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $25,785,201 /a Variable component of fuel $17.59 /MWh
Unit cost  @ design capacity factor $8.70 /MWh Water $0.01 /MWh

Variable O&M $3.86 /MWh
VARIABLE O&M COSTS Total variable costs $21.46 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 2,964,581        MWh/a net
Variable maintenance ST 0.20 Total cost 142,175,529$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $47.96 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.80
Variable O&M re CO2 removal system 0.73
Total variable O&M 3.86
Total annual variable O&M cost at design c.f. $11,446,700 /a
Unit cost  @ design capacity factor $3.86 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

F: CC+DC+CO2
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $17.59 /MWh 36.7%
Capital cost $17.12 /MWh 35.7%
IDC $0.68 /MWh 1.4%
Fixed O&M $8.70 /MWh 18.1%
Water $0.01 /MWh 0.0%
Variable O&M $3.86 /MWh 8.1%
SUB-TOTAL $47.96 /MWh 100.0%

    LESS Second product rebate (low/med/high) 1.44$          $2.87 4.31$        
TOTAL 46.52$        $45.09 43.65$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $47.96 /MWh
Total electricity cost at design c.f. $45.09 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 188.0 1,646,990  $113,899,013 $67.72 $66.28 $64.85
55% 15.93 206.8 1,811,688  $117,433,577 $63.38 $61.95 $60.51
60% 17.38 225.6 1,976,387  $120,968,142 $59.77 $58.33 $56.90
65% 18.83 244.4 2,141,086  $124,502,706 $56.71 $55.28 $53.84
70% 20.28 263.2 2,305,785  $128,037,271 $54.09 $52.66 $51.22
75% 21.73 282.0 2,470,484  $131,571,836 $51.82 $50.39 $48.95
80% 23.18 300.8 2,635,183  $135,106,400 $49.83 $48.40 $46.96
85% 24.62 319.6 2,799,882  $138,640,965 $48.08 $46.64 $45.21
90% 26.07 338.4 2,964,581  $142,175,529 $46.52 $45.09 $43.65
95% 27.52 357.2 3,129,280  $145,710,094 $45.13 $43.69 $42.26

100% 28.97 376.0 3,293,979  $149,244,658 $43.87 $42.44 $41.00

F: CC+DC+CO2
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

G: CC+Desal G: CC+Desal
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 10.5 MW 82,650          MWh
Adjust for CO2 system impact on output 0 MW -                MWh 485.6 MW gross undeg
Annual sent out power at design c.f. 460.4 MW 3,630,123    MWh DEGRADED 472.0 MW net undeg
Net HR after adjustments 7182 kJ/kWh Net HHV 50.1% DEGRADED 7076 undeg 50.9%

6471 kJ/kWh Net LHV 55.6% DEGRADED 6375 undeg 56.5%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $14.36 /MWh

Note fixed component $0
Note variable component $14.36 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 0%
Impact on CC plant output Gross -                  MWe
Additional parasitics -                  MWe

SECOND PRODUCT DATA Note:
Name of product Desal water 25 ML/day= 1040.00 T/h
Units of output T Gain 10.00 Tst/Twat
Capacity of plant 1,040              T per hour CC impact = 0.094 Mwe/(Tsteam/hr)
Output when CC plant is at MCR (ie average) 936                 T per hour Load factor 90%
Impact on CC plant output Gross 0.009              MWe per T per hour
Additional parasitics 0.0018            MWe per T per hour
Additional O&M 0.05$              per T
Value of product Low Med High

$ per T 0.50$              1.00$          1.50$            
Unit impact on cost of electricity $/MWh $1.02 $2.03 $3.05
Annual value of product $/a $3,689,712 $7,379,424 $11,069,136
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 194,599$        
SUBTOTAL - Multi-product system component 56,250$          
SUBTOTAL - CO2 system component -$                

TOTAL DIRECT (EPC) COSTS 250,849$        
Owner's engineering 7,525$            
Owner's contingency 7,525$            
Spares 5,017$            
Permits, licences and approvals 2,508$            
Start-Up costs 5,017$            

TOTAL CAPITAL COST 278,442$        
 FINANCING CHARGES 16,707$          

TOTAL CAPITAL COMMITMENT 295,149$        

Fixed annual cost $32,418,186 /a
Unit cost  @ design capacity factor $8.93 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $11,759,752
Fixed annual cost $1,291,652 /a
Unit cost  @ design capacity factor $0.36 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $32,418,186 /a
Additions for multi-product system 4.50 IDC $1,291,652 /a
Additions for CO2 removal system 0.00 Fixed O&M $16,400,941 /a
  .   Total Equivalent Manning 27.00 Total fixed costs $50,110,779 /a

1,350,000$    Specific fixed cost $108,832 /MW/a (sent out, degraded)

Insurance, fees etc 5,016,980$    Unit cost  @ design capacity factor $13.80 /MWh
Fixed maintenance 5,016,980$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 5,016,980$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $16,400,941 /a Variable component of fuel $14.36 /MWh
Unit cost  @ design capacity factor $4.52 /MWh Water $0.01 /MWh

Variable O&M $2.43 /MWh
VARIABLE O&M COSTS Total variable costs $16.81 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 3,630,123        MWh/a net
Variable maintenance ST 0.20 Total cost 111,125,499$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $30.61 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.10
Variable O&M re CO2 removal system 0.00
Total variable O&M 2.43
Total annual variable O&M cost at design c.f. $8,839,259 /a
Unit cost  @ design capacity factor $2.43 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

G: CC+Desal
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $14.36 /MWh 46.9%
Capital cost $8.93 /MWh 29.2%
IDC $0.36 /MWh 1.2%
Fixed O&M $4.52 /MWh 14.8%
Water $0.01 /MWh 0.0%
Variable O&M $2.43 /MWh 8.0%
SUB-TOTAL $30.61 /MWh 100.0%

    LESS Second product rebate (low/med/high) 1.02$          $2.03 3.05$        
TOTAL 29.60$        $28.58 27.56$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $30.61 /MWh
Total electricity cost at design c.f. $28.58 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 230.2 2,016,735  $84,007,846 $40.64 $39.62 $38.61
55% 15.93 253.2 2,218,409  $87,397,552 $38.38 $37.36 $36.35
60% 17.38 276.3 2,420,082  $90,787,259 $36.50 $35.48 $34.46
65% 18.83 299.3 2,621,756  $94,176,966 $34.90 $33.89 $32.87
70% 20.28 322.3 2,823,429  $97,566,672 $33.54 $32.52 $31.51
75% 21.73 345.3 3,025,103  $100,956,379 $32.36 $31.34 $30.32
80% 23.18 368.4 3,226,776  $104,346,086 $31.32 $30.30 $29.29
85% 24.62 391.4 3,428,450  $107,735,793 $30.41 $29.39 $28.37
90% 26.07 414.4 3,630,123  $111,125,499 $29.60 $28.58 $27.56
95% 27.52 437.4 3,831,797  $114,515,206 $28.87 $27.85 $26.84

100% 28.97 460.4 4,033,470  $117,904,913 $28.22 $27.20 $26.18

G: CC+Desal
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IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

H: CC+Desal+CO2 H: CC+Desal+CO2
NOTES: 1. All outputs are at ISO rated average conditions (all hours) of 15DegC,  60%RH and 1.01 Bar 

2. Design availability factor 90%
3. Max average output (0 = MCR) 0 MW
4. Load factor when running 100%
5. Capacity factor 90%

6. Costs shown are in USD

DESCRIPTION

ONCE-THROUGH SALT WATER COOLING
NO EVAP INLET AIR COOLING

GENERATION AND HEAT RATE
Gross ratings at generator terminals - before degradation

Generation rating @ MCR 495 MW Gross Without adjustment for multi-product or CO2
Generation heat rate @ MCR 6081 kJ/kWh Gross LHV 59.20% Without adjustment for multi-product or CO2

6749 kJ/kWh Gross HHV 53.34%
Gas consumption @ MCR 3010 GJ/h LHV unadjusted

3341 GJ/h HHV unadjusted

Net ratings sent out - before degradation
Parasitic power 12.00 MW Without adjustment for multi-product or CO2
T&D losses 0.00 MW
Net output 483.0 MW
Net heat rate 6232 kJ/kWh Net LHV 57.8%

6917 kJ/kWh Net HHV 52.0%

Net power after degradation 470.9 MW @ MCR
Net  heat rate after degradation 7022 kJ/kWh Net HHV

Part load heat rate factor 1.070 75.0%
Adjusted 1.000 100.0%

Adjust heat rate for average load factor 7022 kJ/kWh Net HHV 51.3%
Adjust for multi-product impact on output 8.5 MW 67,153          MWh
Adjust for CO2 system impact on output 81.1 MW 639,392        MWh 436.5 MW gross undeg
Annual sent out power at design c.f. 381.3 MW 3,006,228    MWh DEGRADED 390.8 MW net undeg
Net HR after adjustments 8673 kJ/kWh Net HHV 41.5% DEGRADED 8545 undeg 42.1%

7814 kJ/kWh Net LHV 46.1% DEGRADED 7699 undeg 46.8%

GAS CONSUMPTION
Annual GT gas consumption at design c.f. 26,072,275    GJ/a HHV
Annual GT gas consumption at design c.f. 23,490,659    GJ/a LHV
Variable fuel cost component $2.00 /GJ HHV
Annual fuel cost due to variable component $52,144,551 /a
Annual fixed fuel cost $0 /a
Annual fuel cost at design c.f. $52,144,551 /a
Average unit fuel cost $2.00 /GJ HHV Delivered
Fuel component of electrical cost @ design c.f. $17.35 /MWh

Note fixed component $0
Note variable component $17.35 /MWh

CO2 EXTRACTION SYSTEM DATA
Percent CO2 removed 90%
Impact on CC plant output Gross 49.10              MWe
Additional parasitics 32.00              MWe

SECOND PRODUCT DATA Note:
Name of product Desal water 25 ML/day= 1040.00 T/h
Units of output T Gain 10.00 Tst/Twat
Capacity of plant 1,040              T per hour CC impact = 0.073 Mwe/(Tsteam/hr)
Output when CC plant is at MCR (ie average) 936                 T per hour Load factor 90%
Impact on CC plant output Gross 0.007              MWe per T per hour
Additional parasitics 0.0018            MWe per T per hour
Additional O&M 0.05$              per T
Value of product Low Med High

$ per T 0.50$              1.00$          1.50$            
Unit impact on cost of electricity $/MWh $1.23 $2.45 $3.68
Annual value of product $/a $3,689,712 $7,379,424 $11,069,136
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WATER USAGE
Process Generation

Steam to process 0.0 T/h
Condensate loss 0% 0.0 T/h
Steam to STIG 0.0 T/h
Cooling tower evaporation loss 0.0 T/h
Cooling tower blowdown 0.0 T/h
Steam turbine system blowdown 8.3 T/h
Process steam system blowdown 0.0 T/h
GT Evap cooler water usage 0.00 T/h
Demin Regeneration 0.00 T/h 0.83 T/h
TOTAL WATER USAGE 0.00 T/h 9.08 T/h

71583 T/a
Water cost $17,896 /a

TREATED WATER FOR STEAM CYCLE (DEMIN) 65076 T/a
Water treatment for steam sys blowdown / cond return $13,015 /a

TOTAL WATER COSTS $30,911 /a
Water component of electrical cost @ design c.f. $0.01 /MWh

CAPITAL COST:

Capital cost breakdown, x1000 USD
SUBTOTAL - Combined cycle component 176,304$        
SUBTOTAL - Multi-product system component 61,850$          
SUBTOTAL - CO2 system component 159,900$        

TOTAL DIRECT (EPC) COSTS 398,054$        
Owner's engineering 11,942$          
Owner's contingency 11,942$          
Spares 7,961$            
Permits, licences and approvals 3,981$            
Start-Up costs 7,961$            

TOTAL CAPITAL COST 441,840$        
 FINANCING CHARGES 26,510$          

TOTAL CAPITAL COMMITMENT 468,351$        

Fixed annual cost $51,442,101 /a
Unit cost  @ design capacity factor $17.11 /MWh

INTEREST DURING CONSTRUCTION
IDC proportion 4.0%
IDC amount $18,660,709
Fixed annual cost $2,049,631 /a
Unit cost  @ design capacity factor $0.68 /MWh

FIXED O&M COSTS
TOTAL FIXED COSTS (before rebate)

Fixed O&M $/a
Labour  Fixed component of fuel $0 /a
Base data labour 22.50 Capital cost $51,442,101 /a
Additions for multi-product system 4.50 IDC $2,049,631 /a
Additions for CO2 removal system 22.00 Fixed O&M $26,333,262 /a
  .   Total Equivalent Manning 49.00 Total fixed costs $79,824,993 /a

2,450,000$    Specific fixed cost $209,346 /MW/a (sent out, degraded)

Insurance, fees etc 7,961,087$    Unit cost  @ design capacity factor $26.55 /MWh
Fixed maintenance 7,961,087$    
Land (rent, rates) -$                
Outside services (accounting, legal, engineering) 7,961,087$    TOTAL VARIABLE COSTS (before rebate)
Other fixed O&M -$                
Total fixed O&M cost $26,333,262 /a Variable component of fuel $17.35 /MWh
Unit cost  @ design capacity factor $8.76 /MWh Water $0.01 /MWh

Variable O&M $3.19 /MWh
VARIABLE O&M COSTS Total variable costs $20.54 /MWh

VARIABLE O&M COSTS $/MWh TOTAL COSTS (before rebate)
Variable maintenance GT's 0.83 Total electricity 3,006,228        MWh/a net
Variable maintenance ST 0.20 Total cost 141,578,503$  $/a
Variable maintenance (boilers and BOP) 0.00 Average cost $47.10 $/MWh
Consumable spares 0.70
Chemicals, oils, other consummables 0.60
Variable O&M re multi-product system 0.12
Variable O&M re CO2 removal system 0.73
Total variable O&M 3.19
Total annual variable O&M cost at design c.f. $9,578,048 /a
Unit cost  @ design capacity factor $3.19 /MWh
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COST BREAKDOWN AT DESIGN CAPACITY FACTOR

H: CC+Desal+CO2
Design capacity factor 90.0%
Nominal sent-out capacity (after degradation) 470.9 MW

At site average ambient conditions

Fuel $17.35 /MWh 36.8%
Capital cost $17.11 /MWh 36.3%
IDC $0.68 /MWh 1.4%
Fixed O&M $8.76 /MWh 18.6%
Water $0.01 /MWh 0.0%
Variable O&M $3.19 /MWh 6.8%
SUB-TOTAL $47.10 /MWh 100.0%

    LESS Second product rebate (low/med/high) 1.23$          $2.45 3.68$        
TOTAL 45.87$        $44.64 43.41$     

TOTAL ELECTRICITY COST

Sub-Total electricity cost at design c.f. $47.10 /MWh
Total electricity cost at design c.f. $44.64 /MWh
Design capacity factor 90.0%

Nominal sent-out capacity (after degradation) 470.9 MW At site average ambient conditions

Sent-out electricity and cost by capacity factor
Capacity Fuel Electricity Electricity Annual cost After rebate After rebate After rebate

factor Consumed Average Annual before rebate Low Med High
% PJ/a MW MWh $/a $/MWh $/MWh $/MWh

 50% 14.48 190.7 1,670,126  $114,132,498 $67.11 $65.88 $64.66
55% 15.93 209.7 1,837,139  $117,563,249 $62.77 $61.54 $60.31
60% 17.38 228.8 2,004,152  $120,994,000 $59.14 $57.92 $56.69
65% 18.83 247.8 2,171,164  $124,424,750 $56.08 $54.85 $53.63
70% 20.28 266.9 2,338,177  $127,855,501 $53.45 $52.23 $51.00
75% 21.73 286.0 2,505,190  $131,286,251 $51.18 $49.95 $48.72
80% 23.18 305.0 2,672,202  $134,717,002 $49.19 $47.96 $46.73
85% 24.62 324.1 2,839,215  $138,147,752 $47.43 $46.20 $44.97
90% 26.07 343.2 3,006,228  $141,578,503 $45.87 $44.64 $43.41
95% 27.52 362.2 3,173,240  $145,009,253 $44.47 $43.24 $42.02

100% 28.97 381.3 3,340,253  $148,440,004 $43.21 $41.99 $40.76

H: CC+Desal+CO2
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SINCLAIR KNIGHT MERZ 5.1 YA00943: SECTION 17P.DOC 2

Appendix B - Summary for base case analysis calculations (9oC reference
case)



IEA Greenhouse Gas R&D Programme
By: Sinclair Knight Merz Pty Ltd

Multi-product systems study

Standard power gen parameters

SUMMARY
Base Data

Design availability factor 90% Amortisation rate: 10% Real Before tax
Max output (0 = MCR) 0.00 MW Amortisation period 25.00 years
Power degradation allowance 2.5%
Heat rate degradation allowance 1.5% IDC factor - Combined cycle 4.0%
T&D allowance 0.0%

Gas cost for generation $2.00 /GJ All money terms are USD
Raw water cost $0.25 /T
Water treatment cost for steam cycle (demin) $0.20 /T

Configuration A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2
Part load % 100% 100% 100% 100% 100% 100% 100% 100%
Capacity factor % 90% 90% 90% 90% 90% 90% 90% 90%
Net degr (MCR) MW 480.1 399.0 473.9 396.5 466.3 385.2 469.6 390.5
Sent out MWh/a 3,785,030          3,145,637                 3,736,149          3,126,321                        3,676,230          3,036,838                        3,702,380                 3,078,484                              

Net H.R. degr HHV kJ/kWh 7034 8464 7126 8516 7242 8767 7191 8648
Net H.R. degr LHV kJ/kWh 6338 7626 6420 7673 6525 7899 6479 7792
Total gas PJ/a HHV 26.624 26.624 26.624 26.624 26.624 26.624 26.624 26.624

Raw water usage T/h 9.3 9.3 9.3 9.3 9.3 9.3 9.3 9.3
T/a 72,942              72,942                      72,942               72,942                            72,942               72,942                            72,942                     72,942                                  

Treated water T/a 66,311              66,311                      66,311               66,311                            66,311               66,311                            66,311                     66,311                                  

CC EPC component $197,770,015 $197,770,015 $197,770,015 $197,770,015 $197,770,015 $197,770,015 $194,599,016 $176,304,363
Multi-product EPC component $0 $0 $3,000,000 $7,500,000 $34,000,000 $35,000,000 $56,250,000 $61,850,000
CO2 removal EPC component $0 $159,900,000 $0 $145,900,000 $0 $159,900,000 $0 $159,900,000
Indirect capital costs $22,703,595 $41,059,789 $23,047,989 $40,313,603 $26,606,726 $45,077,718 $28,796,956 $45,695,830
Financing ca[ital costs $13,171,483 $23,820,823 $13,371,283 $23,387,923 $15,435,883 $26,151,823 $16,706,544 $26,510,421
Total capital, pre-IDC $232,696,200 $420,834,540 $236,226,000 $413,186,640 $272,700,600 $462,015,540 $295,148,952 $468,350,764
IDC $9,271,419 $16,767,499 $9,412,058 $16,462,780 $10,865,332 $18,408,291 $11,759,752 $18,660,709

#staff 22.50 44.50 22.50 44.50 22.50 44.50 27.00 49.00

Specific generation cost, Low Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.07 $16.93 $14.25 $17.03 $14.48 $17.53 $14.38 $17.30
Capital cost $6.75 $14.69 $6.94 $14.52 $8.15 $16.71 $8.76 $16.71
IDC $0.27 $0.59 $0.28 $0.58 $0.32 $0.67 $0.35 $0.67
Fixed O&M $3.43 $7.53 $3.53 $7.45 $4.09 $8.49 $4.43 $8.55
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.98 $3.84 $2.43 $3.18
SubTotal $26.86 $42.81 $27.34 $42.65 $30.03 $47.25 $30.36 $46.42
Multi-product rebate $0.00 $0.00 $0.00 $0.00 $1.16 $1.40 $1.00 $1.20
Total on sent-out elec $26.86 $42.81 $27.34 $42.65 $28.87 $45.85 $29.36 $45.22

Specific generation cost, Medium Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.07 $16.93 $14.25 $17.03 $14.48 $17.53 $14.38 $17.30
Capital cost $6.75 $14.69 $6.94 $14.52 $8.15 $16.71 $8.76 $16.71
IDC $0.27 $0.59 $0.28 $0.58 $0.32 $0.67 $0.35 $0.67
Fixed O&M $3.43 $7.53 $3.53 $7.45 $4.09 $8.49 $4.43 $8.55
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.98 $3.84 $2.43 $3.18
SubTotal $26.86 $42.81 $27.34 $42.65 $30.03 $47.25 $30.36 $46.42
Multi-product rebate $0.00 $0.00 $0.76 $0.91 $2.32 $2.80 $1.99 $2.40
Total on sent-out elec $26.86 $42.81 $26.58 $41.74 $27.71 $44.45 $28.37 $44.02

Specific generation cost, High Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.07 $16.93 $14.25 $17.03 $14.48 $17.53 $14.38 $17.30
Capital cost $6.75 $14.69 $6.94 $14.52 $8.15 $16.71 $8.76 $16.71
IDC $0.27 $0.59 $0.28 $0.58 $0.32 $0.67 $0.35 $0.67
Fixed O&M $3.43 $7.53 $3.53 $7.45 $4.09 $8.49 $4.43 $8.55
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.98 $3.84 $2.43 $3.18
SubTotal $26.86 $42.81 $27.34 $42.65 $30.03 $47.25 $30.36 $46.42
Multi-product rebate $0.00 $0.00 $1.52 $1.82 $3.47 $4.21 $2.99 $3.60
Total on sent-out elec $26.86 $42.81 $25.82 $40.84 $26.56 $43.05 $27.37 $42.82
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Specific generation cost, Low Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.07 $16.93 $14.25 $17.03 $13.33 $16.13 $13.39 $16.10
Capital cost $6.75 $14.69 $6.94 $14.52 $8.15 $16.71 $8.76 $16.71
IDC $0.27 $0.59 $0.28 $0.58 $0.32 $0.67 $0.35 $0.67
Fixed O&M $3.43 $7.53 $3.53 $7.45 $4.09 $8.49 $4.43 $8.55
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.98 $3.84 $2.43 $3.18
Multi-product rebate $0.00 $0.00 $0.00 $0.00 ($1.16) ($1.40) ($1.00) ($1.20)

Specific generation cost, Medium Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.07 $16.93 $13.49 $16.12 $12.17 $14.73 $12.39 $14.90
Capital cost $6.75 $14.69 $6.94 $14.52 $8.15 $16.71 $8.76 $16.71
IDC $0.27 $0.59 $0.28 $0.58 $0.32 $0.67 $0.35 $0.67
Fixed O&M $3.43 $7.53 $3.53 $7.45 $4.09 $8.49 $4.43 $8.55
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.98 $3.84 $2.43 $3.18
Multi-product rebate $0.00 $0.00 ($0.76) ($0.91) ($2.32) ($2.80) ($1.99) ($2.40)

Specific generation cost, Low Multi-Product case
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Specific generation cost, Medium Multi-Product case
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Specific generation cost, High Multi-Product case
A: CC B: CC + CO2 C: CC+DH D: CC+DH+CO2 E: CC+DC F: CC+DC+CO2 G: CC+Desal H: CC+Desal+CO2

Fuel $14.07 $16.93 $12.73 $15.22 $11.01 $13.33 $11.39 $13.70
Capital cost $6.75 $14.69 $6.94 $14.52 $8.15 $16.71 $8.76 $16.71
IDC $0.27 $0.59 $0.28 $0.58 $0.32 $0.67 $0.35 $0.67
Fixed O&M $3.43 $7.53 $3.53 $7.45 $4.09 $8.49 $4.43 $8.55
Water $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Variable O&M $2.33 $3.06 $2.33 $3.06 $2.98 $3.84 $2.43 $3.18
Multi-product rebate $0.00 $0.00 ($1.52) ($1.82) ($3.47) ($4.21) ($2.99) ($3.60)

Specific generation cost, High Multi-Product case
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